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Abstract 
While the injection of CO2 has great potential for increasing oil production, this 
potential is limited by site conditions and operational constraints such as the lack of 
proper infrastructure, limited cheap CO2 sources, viscous fingering, gravity override at 
the targeted zones, and others. The alternative methodologies which can successfully 
deliver CO2 through gas generation in situ, with superior improved oil recovery (IOR) 
performance, while offering reasonable chemical cost is explored to mitigate some of 
these common limitations. 
In this study, the ammonium carbamate and urea are considered as the new compounds 
capable of generating CO2 in situ. Their self-reaction ignition properties make the single 
fluid injection possible and reduce the complexity of the injection system. With 
exceptional water solubility (up to 40 wt.% for ammonium carbamate and 50% for urea 
at room temperature), ammonium carbamate and urea can be thermally endothermically 
hydrolyzed to CO2 and NH3 after equilibration under reservoir conditions. Because of 
their CO2 producing capacity and reasonable cost-benefit, they appear to be a promising 
candidate for delivering CO2 to increase oil recovery.  
In this work, the performance of injected aqueous chemical solutions was evaluated in a 
series of bench experiments to mimic tertiary oil recovery (perform test after the 
residual oil saturation was established by water flooding). One-dimensional sand pack 
tests and core flooding experiments were operated at different pre-set conditions: the 
flow rate varied from 0.03 to 0.3 ml/min, CO2 generating chemical concentrations from 
1 to 35 wt%, pressures from 0 to 4000 psig, , temperature from 80 to 133℃ and 
different API gravity oils were used, varying from 27 to 57.3.  
xiv 
The eluted crude oil and brine samples from these tests were collected and analyzed to 
assess the change of oil properties and brine chemistry influenced by the thermally 
produced CO2 and NH3. In addition, the reaction rates of urea hydrolysis were tested 
separately using a microwave reactor to compare the kinetics of urea hydrolysis 
reactions via varying reaction temperatures.  
Most importantly, results of injecting chemical solution (as low as 1 % solution) 
showed tertiary recovery performance (as high as 50%) as compared to the similar in 
situ CO2 generation EOR(2.4% to 18.8%) approaches proposed by others. Because of 
the reservoir brine compatibility of urea, even under high levels of divalent ions( Ca+2 
7000 ppm),  the experiment showed no detectable effect of brine composition on the 
recovery and/or any occurrence of formation damage. The post-reacted solution showed 
a solution pH about 10 because of the formation of NH3 (and NH4OH). Compositional 
analyses of the eluted oil also revealed different trends as compared to typical CO2 
flooding, indicating additional benefits of this new CO2 delivery method resulted from 
the produced ammonia and its impact on the wettability of the solid surfaces. The 
economic feasibility and operational advantages of this newly developed method were 
demonstrated in this work. In brief, results of this work served further as a proof of 
concept for designing in situ CO2 generation formulations for tertiary oil recovery at 
both onshore and offshore fields under proper conditions. It can be a guide to select the 
suitable reservoir condition, oil property, chemical concentration and injection strategy. 
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Chapter 1: Overview 
Fossil fuels remain to meet most of the world’s energy demand in the recent years with 
the fast growth of the renewable energy. Based on the projection from Figure 1-1, 
petroleum and other liquids account for the most considerable part of the energy source 
with its share reducing from 33% in 2015 to 31% in 2040. Petroleum is growing 0.7% 
per year, compared with the coal’s 0.1% per year growth. 
 
 
Figure 1-1 Energy consumption increases over the projection for all fuels[1] 
 
The oil consumption is currently around 98.4 million barrels per day and continuously 
increasing with time. Therefore, the exploration of the new oil reservoirs and enhancing 
the recovery of the proved reserves are still necessary to meet the future world energy 
demand. After the well is drilled into the reservoir, the first stage of hydrocarbon 
production is the primary recovery. The natural energy of the oil reservoir is driving the 
hydrocarbons to the wellbore. Once the energy of the reservoir is depleted during the 
primary recovery, the water/gas injection will be applied as the secondary recovery 
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method. At this stage, the purpose of the injection is to maintain the reservoir pressure 
and displace the oil to the wellbore. After the first two stages of the hydrocarbon 
production, the reservoir produces around 15% to 40 % of the original oil in place. 
Tertiary recovery starts when secondary recovery is not efficient in the oil production. 
Thermal methods, gas injection, microbial methods and chemical flooding are used in 
the tertiary recovery stage.  
1.1 CO2 Enhanced Oil Recovery 
CO2-EOR is an efficient method that can increase oil production after primary and 
secondary phase of production. At the same time, it is a CO2 storage option to reduce 
the emissions of CO2. 
 
Figure 1-2 Active world, U.S., and Permian basin CO2 EOR project counts[2] 
 
Figure 1-2 shows that U.S. has the largest amount of active CO2 EOR project in the 
world. The supply of CO2 leads the project expansion of the Permian Basin. Based on 
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the records from active EOR projects within the United States, oil production from 
CO2-EOR has continued to increase compared to other EOR methods (Figure 1-3). 
 
Figure 1-3 Plot showing U.S. oil production in barrels per day associated with 
various enhanced oil recovery 
(EOR) methods[3] 
 
The CO2 flooding improves oil recovery by lowering interfacial tension, swelling the 
oil, reducing oil viscosity, and the CO2 miscible and immiscible displacement between 
oil and CO2. 
 𝐸 = 𝐸𝐷𝐸𝑉 ········································· (1.1) 
Where 
𝐸, Overall displacement efficiency   
𝐸𝐷, Microscopic displacement efficiency  
𝐸𝑉, Macroscopic displacement efficiency 
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The macroscopic displacement efficiency is a measure of how well the displacing fluid 
has come in contact with the oil-bearing parts of the reservoir. The microscopic 
displacement efficiency is a measure of how well the displacing fluid mobilizes the 
residual oil once the fluid has come in contact with the oil[4]. Despite the lack of CO2 
source and transporting infrastructure, the low viscosity and low density of the CO2 are 
resulting in high mobility ratio. Even the microscopic displacement efficiency of CO2 
flooding is high. The viscous fingering and gravity override cause an early 
breakthrough. Low macroscopic displacement efficiency is leaving much of the residual 
oil uncontacted after the CO2 flooding. The sweep efficiency of the CO2 flooding is still 
a primary drawback to the tertiary recovery. 
1.2 In Situ CO2 EOR 
The concept of the In situ CO2 EOR(ICE) is to deliver the CO2 to the reservoir by 
injecting a chemical solution that releases CO2 at reservoir condition. The availability of 
CO2 and high mobility of the gas slug issues are resolved in ICE process. Since 
ammonia is generated as a by-product of the ICE chemical hydrolysis, it is expected 
that besides all the benefits from carbonated water injection(CWI), the positive effects 
on the tertiary recovery from ammonia molecules are introduced in ICE.  
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Figure 1-4 Measured and CO2 solubility in Bakken stock tank oil/Brine sample at 
different equilibrium pressures and two constant temperatures of T = 25 and 40 
°C[5] 
 
From the Figure 1-4, large CO2 solubility contrast between brine and oil is observed[5]. 
The salinity of the tested brine is 0.35 mole NaCl/kg water. The MW of the tested 
Bakken stock tank oil is 223 g/mole. Most of the formed CO2 in the aqueous phase can 
migrate to the oil phase. After the chemical decomposition and CO2 migration, the 
involved tertiary recovery mechanisms are oil swelling and oil viscosity reduction from 
CO2 dissolution, wettability alteration and alkalinity benefits from ammonia. 
In this dissertation, the work focuses on the development of an efficient ICE 
formulation. Chapter 2 proposed the ammonium carbamate as the gas generating agent. 
The cool aqueous amines CO2 capture process forms ammonium carbamate. On the 
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contrary, heating the ammonium carbamate aqueous solution releases CO2. This 
phenomenon makes delivering the CO2 to the targeted reservoir by injecting the 
aqueous solution indirectly possible. The CO2 production from the ammonium 
carbamate hydrolysis was observed. The concentrated solution was used to enhance the 
tertiary recovery in the sand pack and Brea core. The proof of concept of the newly 
proposed technique was provided in a broad range of testing condition. ICE showed 
behavior that CO2 flooding and CWI did not have. The work of this chapter was 
published on the Energy & Fuels after peer review. 
Chapter 3 focuses on using urea as the gas generating agent to explore a better divalent 
cations tolerance. The urea can also be hydrolyzed at reservoir condition to release CO2. 
It is commercially available in large quantity in the fertilizer industry. The tertiary 
recovery ability of the concentrated urea solution was evaluated at reservoir conditions 
with different brine and oil. Other than the proof of concept for the tertiary recovery, the 
urea solution showed superior divalent cations compatibility that ammonium carbamate 
did not have when it mixed with sea water. This work was published on the Fuel after 
peer review. 
Chapter 4 continues the research on urea ICE system. The kinetic parameters of the urea 
hydrolysis reaction were determined for optimization and pilot test design. The 
concentration of the urea slug was optimized based on different criteria. As a tertiary 
recovery method, the optimized case exhibited low chemical cost compared with the 
surfactant flooding. The hypothesis based on the reaction kinetics was proved, which 
could expand the ICE operating envelope (salinity and temperature). The chapter was 
accepted by 2018 SPE Improved Oil Recovery Conference and had been submitted 
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to Fuel for peer review. 
Chapter 5 presents some conclusions of this work and recommendation for the future 
ICE studies. 
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Chapter 2: Development of In-Situ CO2 Generation Formulations 
for Enhanced Oil Recovery 
2.1 Introduction 
The CO2 flooding is one of the most proven tertiary Enhanced Oil Recovery (EOR) 
methods and has been increasingly used in the US and other regions [3, 6]. The injected 
CO2 could exhibit impressive microscopic displacement efficiency, mostly conducted at 
or above the minimum miscibility pressure(MMP) conditions, but frequently suffers 
adverse performance in macroscopic displacement.  Because of the large density 
contrast between the oil displaced and CO2, severe gravity segregation may lead to 
significant gas override because of less favorable mobility ratio and poor sweep of oil.  
Some proposed use of the Water Alternating Gas (WAG) process to mitigate the bypass 
issues of CO2 injection [7, 8]  
Sometimes, the WAG-modified process is unlikely to become economically viable, 
largely due to the presence of thick formation [5]. Many optimization efforts are 
required for acceptable economic feasibility on the WAG process[7, 9]. Carbonated 
Water Injection (CWI), viz. injecting water with dissolved CO2, offered an alternative 
to address the problem of the WAG. The CWI technique had been demonstrated both in 
laboratory studies [10-12] and field pilot tests [13-15]. CWI is a single aqueous phase 
injection that has similar sweep efficiency as water flooding. In comparison with 
conventional CO2 flooding and CO2 WAG, only minor modification of the existing 
water injection system is required using a CWI system. For example, a pressurized 
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mixing tank for dissolving CO2 at surface facilities can easily achieve the CWI 
modification for an ongoing water flooding project. 
In general, the levels of gas water ratio (GWR) of CWI are largely controlled by 
reservoir condition.[16, 17]. Previously Shu [16] proposed that additional chemical 
promoters can be introduced in CWI application to improve aqueous solubility of CO2 
dramatically.  Examples of the promoters, such as mono- or di-ethanolamine, ammonia, 
carbonates (Na, K), hydroxides (Na, K), phosphate (K), diaminoisopropanol, di- and tri-
ethanolamine were studied in the CWI application.  Addition of promoter likely 
increases the complexity of the CWI system. In practical, the availability of low-cost 
CO2 source will be the key economic consideration for any CO2-based projects. 
To address some of the issues mentioned above, in-situ CO2 generation for EOR 
application were investigated in recent years. A variety of CO2 generated compounds, 
including aluminum carbamide, ammonium carbamate, sodium carbonate and 
ammonium bicarbonate were developed [18-25]. A few of field scale pilot tests were 
also reported even for offshore reservoirs ( Li, Ma, Liu, Zhang, Jia and Liu [25]). The 
gas generation mechanism of the previously developed system involved complex 
reaction or involved multiple recovery mechanisms, for example, low interfacial tension 
(IFT) surfactant flooding in conjunction with CO2 generation, co-injection with 
polymer, or alkaline, acidizing treatment combined with CO2 flooding.   
Increasing the complexity of prior systems developed somewhat limited their economic 
feasibility of the project. In this work, a new CO2 generation methodology is explored 
to further eliminate the shortcomings of current In Situ CO2 generation formulations. 
The potential benefits of these new approaches include: 
10 
 
i. Not relying on the natural CO2 source and CO2 transportation pipeline. 
ii. Better sweep efficiency than that of CO2 WAG. 
iii. High GWR comparing to limited GWR of CWI[10, 26, 27] 
iv. Self-initiation gas generation ability versus sequential injection of the gas 
generating reagents and acid slug system (a complex fluid system) 
v. Simple and cheap in operations (no additional polymer, surfactant or alkaline 
required) 
vi. Reasonable recovery performance either above or below minimum miscibility 
pressure conditions.  
Some of the new proposed systems uses the product of the CO2 capture technology as 
the gas generating agent. Chemical solvents are used widely for CO2 capture 
application[28, 29]. Aqueous amines can absorb CO2 and form carbamates by the 
following reaction [30]: 
 2𝑅1𝑅2𝑁𝐻 + 𝐶𝑂2 ↔ 𝑅1𝑅2𝑁𝐻2
+ + 𝑅1𝑅2𝑁𝐶𝑂𝑂
− ·················· (2.1) 
At relative high reservoir temperature condition, most CO2 absorbed in carbamate 
solution can be dissociated. Injection of carbamate solution offers an effective route to 
deliver CO2 to the targeted rock matrix. The aim of the new improved technique is 
simultaneously lowering the cost of both CO2 capture and in-situ CO2 generation for 
EOR operation. 
Ammonium carbamate is selected here as the simplest representative of the solute 
compounds in typical CO2 captured carbamate solution. Ammonium carbamate is a 
monovalent ammonium salt with chemical formula 𝑁𝐻2𝐶𝑂2
−𝑁𝐻4
+. Solid ammonium 
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carbamate decomposes at temperature above 60 ℃ . It has a water solubility 
approximately around 40 wt. % at room temperature. Ammonium carbamate in aqueous 
solution can largely decompose to generate CO2 at 92℃[19, 31]. 
 𝑁𝐻2𝐶𝑂2𝑁𝐻4 → 2𝑁𝐻3 + 𝐶𝑂2 ···························· (2.2) 
The formation of CO2 in the system also involves a complex chemical process reported 
by the previous researchers[32].  
Flury, Afacan, Tamiz Bakhtiari, Sjoblom and Xu [33] reported that ammonia was a 
suitable replacement of sodium hydroxide on bitumen extraction because ammonia had 
faster performance on bitumen liberation than the use of sodium hydroxide at same pH 
value. The liberation of bitumen from the sand grains would lead to wettability reversal 
from oil-wet to water-wet. Besides, Fjelde and Asen [34] also showed some evidences 
of more water wet surfaces generated during a CO2-WAG process in chalk rocks. 
Therefore, the effect of CO2 generated in situ on wettability change cannot be 
neglected. 
Southwick, van den Pol, van Rijn, van Batenburg, Boersma, Svec, Anis Mastan, Shahin 
and Raney [35] showed the significant cost and logistical advantages of ammonia as an 
alkali for alkali/surfactant/polymer (ASP) flooding. It is especially preferred in the 
offshore application. 
The physical process within the In-Situ CO2 generation system involves the mass 
transfer from the aqueous phase to oil phase. If there exists a driving force 
(concentration difference), mass transfer of CO2 will naturally occur from one phase to 
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another. The mass transfer of CO2 generated can be conveniently described by the two 
liquid film theory[36].  
 
Figure 2-1 CO2 concertation as a function of distance[36]. 
 
In Figure 2-1, plot on the left shows initial condition and right is the condition after 
equilibrium. In the beginning, the CO2 concentration is higher in aqueous phase than in 
oil phase. The direction of mass transfer is from the aqueous phase to oil phase. 
Because of high intrinsic solubility of CO2 in oil, when the equilibrium is reached, the 
CO2 concentration in the oil phase is much higher than it in the aqueous phase. It is 
controlled by the partition coefficient. 
 𝐾 = [
𝜔𝐶𝑂2
𝑤
𝜔𝐶𝑂2
𝑜 ]
𝑃,𝑇
 ······································ (2.3) 
Where 𝜔𝐶𝑂2
𝑤 and 𝜔𝐶𝑂2
𝑜  are the solubility of CO2 in water and oil respectively. 𝜔𝐶𝑂2
𝑤  can 
be calculated from the model proposed by Duan, Sun, Zhu and Chou [37] Hangx [38] 
summarized 𝜔𝐶𝑂2
𝑤  in aqueous phase at presence of 𝐾+ , 𝑀𝑔2+, 𝐶𝑎2+ and 𝑆𝑂4
2+  or DI 
13 
 
water condition in CWI application. 𝜔𝐶𝑂2
𝑜  can be modeled by many EOS calculations 
[39, 40]. 
For the new proposed in-situ CO2 generation EOR, the effects of CO2 generation 
involved ions, 𝐻𝐶𝑂3
−, 𝑁𝐻3 , 𝐶𝑂3
2−, 𝑁𝐻4
+ and  𝐻2𝑁𝐶𝑂𝑂
− , on the CO2 water solubility 
still require further investigation. Altunina and Kuvshinov [22] reported that the 
partition coefficient for CO2 in oil/water system in the temperature range of 35-100℃ 
and the pressure range of 10-40MPa is between 4 and 10 (i.e., dissolved mostly in oil), 
whereas the coefficient value for ammonia is extremely low and does not exceed 
6 × 10−4. 
After the CO2 equilibrated between aqueous and oil phase, higher CO2 content results in 
oil swelling and viscosity reduction.  The swelling factor (SF ) is defined as the ratio of 
CO2-saturated oil volume at reservoir pressure and the temperature to original oil 
volume measured at reservoir temperature and atmospheric pressure [41] 
 𝑆𝐹 =
𝑉𝐶𝑂2−𝑂𝑖𝑙(𝑃𝑅,𝑇𝑅)
𝑉𝑂𝑖𝑙(𝑃𝑎𝑡𝑚,𝑇𝑅)
 ··································· (2.4) 
Where 
𝑉𝐶𝑂2−𝑂𝑖𝑙, the volume of CO2-oil mixture 
 𝑉𝑂𝑖𝑙, the volume of oil 
When a significant amount of CO2 is dissolved into crude, total oil volume will 
increase. This phenomenon can contribute to higher oil recovery. Increasing oil volume 
results in an apparent increase of oil saturation, thus allowing the discontinuous oil 
droplets previously trapped in the pores to merge with the mobile oil phase [42]. 
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Assume that the residual oil saturation is the same whether the oil is carbonated or not. 
Then the same volume of oil will contain less pure oil if it is carbonated, due to oil 
swelling [43]. The dissolved CO2 will cause the decrease in oil viscosity. The reduction 
level is mainly depending on CO2 concentration in the oil. Holm [44] stated that CO2 
could reduce the viscosity of oil at certain reservoir condition up to 5 to 10 times 
because of quite high CO2 solubility. If the original oil has a higher initial viscosity, a 
larger percentage reduction in oil viscosity will realize when it is fully saturated by 
subcritical CO2 [45]. The reduction of CO2 saturated oil viscosity is higher at lower 
temperatures than at high temperatures because of higher solubility of CO2 occurred at 
lower temperature [42]. 
The main mechanisms of the In situ CO2 generation EOR is a combination of 
carbonated water flooding (oil swelling and viscosity reduction) and alkali flooding 
(wettability reversal and in situ surfactant generation[35])  
2.2 Materials 
2.2.1 Chemicals  
Ammonium carbamate (99 wt.%) was purchased from Sigma-Aldrich. NaCl (99.5 
wt.%) was purchased from Sigma-Aldrich to mimic salt in reservoir brine.  
Four different oils were tested as the example fluid to be displaced from the sand pack 
and sandstone core plugs. Pure dodecane was purchased from Sigma-Aldrich. The 
Earlsboro crude oil was donated by Arrow Oil and Gas (Norman, OK). Deep Star crude 
oil was provided by DeepStar Consortium. The oil properties are shown in Table 2-1. 
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Table 2-1 Physical properties of the oils used in the experiments (at 25°C and 
atmospheric pressure) 
  Dodecane Earlsboro 
Deep 
Star 
API 57.3 40 27 
Viscosity, cP 1.34 4.6 22 
 
2.2.2 Porous Media  
For the sand pack tests, two types of Ottawa sand from U.S. silica were tested. The size 
distribution of F-95 Ottawa sand was between 0.075mm and 0.3 mm with d50 at 
0.145mm.  The second F-75 Ottawa sand possesses size between 0.053mm and 0.6 mm 
and d50 of 0.15mm. The porosity of packed column was measured to be 34.5%. The 
permeability of the Ottawa sand pack was measured to be 4 D. The oven-dried Ottawa 
sand was carefully dry packed into two distinct pressure rating stainless steel columns 
based on the experiment objective. The total length of all sand packs was adjusted to the 
same 6 inches. The inside diameter of regular 3100 psi pressure rating sand pack was 
0.834 inch. The inside diameter of elevated 4900 psi pressure rating sand pack was 
slightly larger at 1.12 inches.  
Based on the geometry of the sand pack and the measured porosity of Ottawa sand, the 
pore volumes of the 3,100 psi rating sand pack and 4,900 psi rating sand pack were 
calculated as 18.95mL and 34.15mL respectively. 
For the core flooding test, Berea sandstone core was used. The diameter of the core 
samples were drilled at 25.45mm. Length of the core plug was 148.09mm. The porosity 
of the core was measured as 17.13%. Pore volume was 12.91mL. 
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2.2.3 Apparatus 
The effectiveness of the In-Situ CO2 generation process for EOR was evaluated under 
elevated pressure and temperature oil displacement conditions. Figure 2-2 is a 
schematic of sand pack flooding apparatus. It consisted of two syringe pumps (Teledyne 
Isco 260D), three accumulators for different fluids, a high pressure stainless steel 
column as a sand pack, back pressure regulator, digital pressure gauges, heating oven 
and sample collector. The column was made of stainless steel and could be operated at 
pressures up to 4,900 psi and temperature up to 200oC. A coil of tubing was installed at 
the inlet of the sand pack to preheat the chemical slug. Gas evolved from effluent fluids 
in the process was collected in sealed burettes. Gas volume and liquid volume were 
recorded manually by reading the burettes level. The digital pressure gauges 
continuously recorded the pressure of both the inlet and the outlet of the sand pack. A 
digital thermometer continuously recorded the temperature of the oven.  
 
Figure 2-2 Schematic sand pack column flooding test for in situ CO2 generation 
EOR 
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2.3 Experiment Procedure 
Gas generating solution (5-35 wt.% ammonium carbamate prepared in 5 wt. % NaCl 
solution) and base brine solution (5 wt. % NaCl) were dissolved in deionized water. 
Density for concentrate (35 wt.%) and dilute (5 wt.%) ammonium carbamate solution 
were measured as 1.13 g/ml and 1.042 g/ml respectively. The density of 5 wt.% NaCl 
brine was measured as 1.033 g/ml. 
A fixed amount of targeted oil was injected into Ottawa sand packed stainless steel 
column to saturate the medium. Water flooding was initiated immediately after the oil 
saturation process. The resulted oil saturation appeared quite low primarily due to water 
wetting surface of the Ottawa Sand (99.77% silica quartz[46]), thus underrated the EOR 
potential of proposed technique. Some modifications were made to increase initial level 
of oil saturation by packing sand with the spiked oil together and keeping in the oven 
for an extra aging step before the water flooding stage. All aged sand packs were dry 
packed. The dry pack was the way to prepare the sand pack. It is designed for higher 
residual oil recovery after the brine flooding. The normal sand packing process packed 
the sand with brine. Then the air was flushed by brine injection before saturating the 
sand pack with crude oil. During the dry pack process, no brine was injected when the 
sand was packed in the stainless steel column. No brine was injected before saturating 
the sand pack with crude oil. The crude oil injection flushed the air in the sand pack. 
Changing the degree of compaction could adjust the porosity of the porous media in a 
small range. Therefore, to get the consistent property on the sand pack column, a fixed 
amount of Ottawa F-75 sand was loaded in every sand pack.  In this aging process, the 
sand packs sealed with oil were kept in an 80℃ oven over one month period to 
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effectively reverse the wettability of the sand surface, leading to much higher residual 
oil saturation after the water flooding[47].  
The procedure for individual sand pack column flooding test was kept identical for 
consistency. The residual oil saturation was initially established by injecting multiple 
pore volumes of brine flooding (until no further oil produced). Then a total of two pore 
volumes (PV) of gas generating agent were injected into the sand pack followed by 2 to 
3 PVs of post brine injection to chase out the mobilized oil. In some selective tests, a 
shut-in cycle was added whereas after 2 PVs of ammonium carbamate injection, the 
flow was interrupted for approximate 24 to 48 hours downtime to allow more chemical 
decomposition and interphase mass transfer to proceed. The shut-in time was selected 
based on the ease of the experiment running. And the added shut-in cycle was designed 
only to see the effect of extended chemical residence time. After shut in time expired, 
post brine flooding was resumed. The optional shut-in cycles were conducted in the 
selected tests to assess any possible mass transfer limitation or the inadequate residence 
time of chemicals.  
In this work, brine solution refers to 5 wt.% NaCl and AC solution refer to 35 wt.% 
Ammonium Carbamate dissolved in 5 wt.% NaCl, unless specified elsewhere. This 
work aims to prove the CO2 EOR ability of the proposed system. Therefore, highly 
concentrated chemical solutions are used to deliver an excessive amount of CO2.  No 
optimization is involved. Maintaining the identical interstitial velocity (1.46cm/hour), 
the flow rates were 0.03 ml/min and 0.055 ml/min in the 3100 psi-rating sand pack and 
4900 psi-rating sand pack, respectively. 
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2.4 Result and Discussion  
In Situ CO2 generation formulation was tested as a potential tertiary recovery technique. 
For comparisons, the common tertiary recovery factor (Etr) was monitored and 
analyzed as an efficiency indicator of the newly developed process. 
 𝐸𝑡𝑟 =
𝑉𝐼𝑛 𝑆𝑖𝑡𝑢 𝐶𝑂2 𝐺𝑒𝑛𝑒𝑟𝑎𝑡𝑖𝑜𝑛 𝑝𝑟𝑜𝑑𝑢𝑐𝑒𝑑 𝑜𝑖𝑙
𝑉𝐷𝑟𝑦 𝑝𝑎𝑐𝑘𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒−𝑉𝐵𝑟𝑖𝑛𝑒 𝑓𝑙𝑜𝑜𝑑𝑖𝑛𝑔 𝑝𝑟𝑜𝑑𝑢𝑐𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒 
× 100% ········ (2.5) 
The crucial operation parameters, such as sand pack inlet pressure, outlet pressure, and 
oven temperature, were recorded automatically per 1 minute time interval. In addition,  
the volume of total gas generated was quantified in ambient conditions simultaneously. 
The variation of the resulted oil saturation (So) over time was plotted against the PV 
injected. 
 𝑆𝑜 =
𝑉𝐷𝑟𝑦 𝑝𝑎𝑐𝑘𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒−𝑉𝑃𝑟𝑜𝑑𝑢𝑐𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒 
𝑉𝑃𝑜𝑟𝑒 𝑣𝑜𝑙𝑢𝑚𝑒
× 100% ················ (2.6) 
Based on the different parameters investigated, a series of total 11 tests are subdivided 
into five groups showed in Table 2-2. Additional details of these tests are summarized 
in Table 2-3 later. The resulted oil saturation values after the initial water flooding, Sor, 
was plotted for ease comparisons. 
Table 2-2 Test groups 
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2.4.1 Low Pressure tests (<80 psig) 
This section shows the oil saturation variation during the In-Situ CO2 generation EOR 
process executed at low pressure condition.  
 
Figure 2-3 tertiary recovery stage Oil Saturation vs. PV for tertiary recovery 
stages of test 1 
Test 1 was the preliminary run that showed some promising tertiary recovery with in 
situ CO2 generation. It was conducted without back pressure applied. Because the 
column device was not pressurized, the operating temperature was limited to 96 ℃, 
slightly below the water boiling temperature of 100 °C. The oil spiked in the sand pack 
of Test 1 was Earlsboro crude oil, retrieved from a site near central Oklahoma. A 
shorter slug of 1.23 PVs of AC slug (less than regular 2 PVs) was used followed by 
0.83 PV of brine. From Figure 2-3 the residual oil saturation (Sor) after initial brine 
flooding was 19.50%. Following AC injection, the final oil saturation dropped to 
16.87%. The estimated tertiary recovery (Etr) of the developed formulation approached 
13.5%. Despite the low Sor, Test 1indicated that this unique in situ CO2 generation 
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process could potentially be applied as tertiary recovery method if the reservoir 
temperature met certain criteria to actively decompose the AC injected. 
Based on this promising data observed at lower pressure system, further aging sand 
pack procedures were designed to fully capture the oil recovery potential of designed 
formulations. Our preliminary tests revealed that because of a combination of high 
porosity, high permeability, low crude viscosity and minor heterogeneity of the existing 
set-up, the resulted residual oil saturation after brine flooding appeared quite low: 
19.5% in Test 1. This low level of residual oil saturation may not represent a common 
tertiary recovery situation. Thus, the procedure was modified to introduce another step 
of dry packing the sand medium with crude oil and aged in an 80 ℃  oven for 
equilibration to dramatically alter the wettability of the sand surface, and lead to 
significant increase of initial residual oil saturation after brine injection. 
 
Figure 2-4 tertiary recovery stage Oil Saturation vs. PV for tertiary recovery 
stages of test 2 and test 3 
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Tests 2 and 3 were conducted under similar condition. By raising the reaction 
temperature, AC exhibits more preferred decomposition ratio and reaction rate. In these 
tests, the temperature was kept at 120℃, the back pressure of the system was increased 
to 80 psi. The same Earlsboro crude oil was used, and the only difference between tests 
2 and 3 was aging step. The sand pack used in test 3 was dry packed with Earlsboro 
crude oil and aged at 80 ℃ for an extended period of 22 days. 
From Figure 2-4,  test 3 reached a higher Sor (37.73%) than the Sor (16.00%) of test 2 
after brine injection. In test 2, the final oil saturation dropped to 6.42% after injecting 2 
PVs AC, and the Etr was 59.9%.  With similar AC injection, the final oil saturation of 
test 3 reduced to 16.62% and The Etr was 55.94%. 
The aged sand pack produced a higher residual oil saturation after brine flooding than 
non-aged sand packs (test 1 and test 2) (see Figure 2-4). The recovery increment of test 
3 was much larger than that of tests 1 and 2. Based on this, in situ CO2 generation EOR 
in high residual oil saturation systems may offer better recovery performance. Note that 
the oil breakthrough happened within the very first PVs of AC injection.  
These low-pressure tests provide initial evidence for tertiary oil recovery realized by 
AC injection. However, the low-pressure data may not reflect actual reservoir 
responses. 
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2.4.2 Intermediate Pressure Tests (1500 Psig) 
 
Figure 2-5 tertiary recovery stage Oil Saturation vs Time plot of test 4 
 
Figure 2-5 shows the oil saturation variation during the In Situ CO2 generation EOR 
process at intermediate pressure condition. Low pressure tests showed significant 
tertiary recovery in previous sections. However, low pressure injection essentially 
deviates from the realistic situation for oil reservoir application. Gas bubbles could be 
observed in the transparent line before back pressure regulator. In addition to the 
originally proposed recovery mechanism, forming a new free CO2 phase could also 
provide a preferred mobility ratio during the displacement. Wassmuth, Green and 
Randall [48] showed that the gas and water co-injection had worse sweep efficiency 
than foam injection by using MRI. The CO2 was generated homogeneously inside the 
porous media. The distribution of the generated gas was different from the injected gas. 
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Gas water co-injection was largely affected by the gravity segregation and large 
mobility contrast. And liquid lamellar was stabilized by surfactant in foam injection. 
The state of generated gas was between the gas and water co-injection and foam 
injection. Therefore, the forming of the gas phase could promote the sweep efficiency.  
Test 4 was designed to simulate more realistic high pressure reservoir conditions, to 
verify this newly developed formulation for enhancing oil recovery. In test 4, the sand 
pack was dry packed with Earlsboro crude oil and aged at 80 ℃ for 46 days. The back 
pressure of device was set to 1500 psig, and the temperature maintained at 120 ℃.  
From Figure 2-5, the Sor after brine flooding was 45.40%. Because test 4 had longer 
aging time than test 3, the Sor of test 4 was slightly higher. The final oil saturation 
decreased to 34.82%.  Etr was 23.30%. At intermediate pressure condition (1500 psig), 
the amount of oil recovered was lower than that of low pressure tests as described 
previously.  Under this elevated pressure, the free CO2 gas phase was likely eliminated 
based on the observation in the transparent line right after the back pressure regulator. It 
was reasonable to achieve the only portion of tertiary recovery than low pressure cases.  
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Figure 2-6 tertiary recovery stage Oil Saturation vs. PV plot of test 5, test 6 and 
test 7 dash line stands for no flow stage 
 
Tests 5 to 7 were designed to explore how the change of oil property affect the 
recovery. Among these, an example light crude, heavier crude, and a single alkane were 
tested. Their properties were listed in Table 2-1 above. All the tested sand packs were 
dry packed with the selected oil and aged at 80 ℃ for an extended period of 50 days. 
Similarly, this set of experiments were run at 1500 psig and 120 ℃. In the previous flow 
through tests, the chemical residence time was relatively short as compared to injection 
in actual reservoir conditions. In the previous sand pack flooding tests, the estimated 
AC residence time was 10 hours. We believe that the decomposition rate of AC and the 
mass transfer of CO2 between oil and aqueous phase were both a function of time. Thus, 
0 2000 4000 6000 8000 10000
10%
20%
30%
40%
50%
60%
0 2 4 6 8 10 12 14 16
Time, min
O
il 
Sa
tu
ra
ti
o
n
PV
Test 7 Dodecane 1500 psi
with shut-in
Test 6 DeepStar Oil 1500 psi
with shut-in
Test 5 Earlsboro Oil 1500 psi
with shut-in
7 9 11
AC ACBrin
e
Brin
e
Shut-
in
26 
 
the extent of oil swelling and reduction of oil viscosity would approach the maximum 
levels after equilibrated. Whether the current system reached equilibrium within the 
short period of 20 hours (2 PVs injection) used required further investigation. At the 
meantime, a shut-in reaction cycle was introduced in some of the studies. For a shut-in 
effort, 3 additional stages were added. After the post-AC brine flooding, another 2 PVs 
of AC was delivered. Then the system was temporarily shut in at targeted pressure and 
temperature for 48 hours to prolong the residence time. After the shut in period, the post 
brine injection was resumed to chase any additional mobile oil out. Therefore, all the 
conditions were the same except the different oil properties used between Tests 5 - 7. 
Results and the comparisons between tests 5 - 7were plotted in Figure 2-6. A secondary 
x-axis was added to identify the shut-in time.  
In test 5, Earlsboro crude oil was tested. The Sor was 50.00%. After all the injection and 
CO2 generation were completed, the final oil saturation dropped to 26.41%. Etr was 
47.19%.  
In test 6, an oil with higher API, Deep Star oil, was tested. The resulted Sor was 
28.93%, and the final oil saturation dropped to 20.66%. Etr was 28.6%.  
In test 7 with dodecane used, much lower Sor was detected at 22.57%. The final oil 
saturation was equal to 18.37%, and an Etr of 18.6% was realized. Not surprisingly, the 
Sor in these tests were impacted by the differences of oil property. 
The shut-in process did promote additional oil collected from all three cases. It strongly 
indicated that the 20 hours residence time was likely inadequate for the system to reach 
equilibrium. Among these, Test 5 achieved the highest Etr among these 3 tests. Between 
Tests 5 and 6, Earlsboro crude was a lighter oil and offered a better candidate for CO2 
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flooding, as compared to the heavier DeepStar crude  [49]. The CO2 solubility in 
Earlsboro oil was also higher than that of DeepStar crude. Therefore, the higher CO2 
partition coefficient of Earlsboro oil system was more favorable than the Deep Star oil 
system. The resulted swelling factor of Earlsboro oil(1.46) after the dissolution of CO2 
should be greater than that of Deep Star oil(1.16)[50]. During the displacing process, 
mass transfer resistance and reaction rate were the limiting factors of the Earlsboro oil 
system. Apart from aforementioned factors, the Deep Star oil system is also controlled 
by other factors, one example was lower CO2 solubility in the low API gravity oil. In 
general, heavier oil was quickly approaching its CO2 solubility limit than lighter oil 
during the first AC injection period.  Though additional CO2 was generated during the 
shut-in step, it would no longer transfer to oil phase once fully saturated. Therefore, 
increasing the residence time appeared more effective in the Earlsboro system.  
In terms of comparing test 5 and test 7, dodecane had higher API gravity leading to 
even larger CO2 solubility, which would result in higher swelling factor. However, 
compared to crude oil, dodecane was a pure nonpolar alkane, which lacks complex 
compositions, such as polar aromatics or asphaltenes, to effectively adjust the 
wettability of porous media. As indicated by the low Sor observed in test 7, Ottawa 
sand aged with dodecane did not lead to significant wettability reversal effect. Besides, 
there was lack of any interfacial active substance formed between dodecane and 
ammonia. These two factors limited the performance enhancement. 
Comparing test 5 and test 4, they were tested under similar condition. The tertiary 
recovery before shut-in of test 5 was quite similar to test 4 indicating good repeatability 
of the experiments.  
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Figure 2-7 Test 6 and Test 7 Cumulative Gas Volume and Oil saturation VS PV 
Figure 2-7 showed the produced gas data from tests 6 and 7. The oil breakthrough 
coincided with the CO2 gas breakthrough point. Since decomposition of ammonium 
carbamate (eq. 2.2) is a reversible reaction, the collected CO2 volume could not totally 
reflect the dissolved CO2 volume present inside the highly pressurized porous media. 
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For example, a significant amount of ammonium carbamate could be converted to CO2 
and NH3 at high temperature and high pressure depending on the reaction kinetics. 
When the effluent was cooled down, some of the produced CO2 and NH3 could re-
associate back to some form of AC byproduct[51, 52]. The nature of this newly 
developed system may offer an opportunity of re-injecting/recycling the effluents for 
lowering the project cost. 
Based on these results, it revealed that 1. longer residence time for gas generation agent 
can increase the tertiary recovery. 2. Better oil candidate for CO2 flooding is also a 
favorable candidate using in situ CO2 generation formulation. 3. A high acid number 
crude will inherit additional benefits due to wettability reversal and the alkaline 
produced[53-56]. 
 
Figure 2-8 Produced oil composition change of test 6(DeepStar oil at 1500 psi) 
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Figure 2-8 was the oil compositional analysis of test 6. Only the normal alkane was 
plotted in the figure. The recovered oil from secondary recovery (waterflooding) and 
tertiary recovery (in situ CO2 generation) was collected separately. Therefore, the 
changing of the oil composition caused by in situ CO2 generation EOR could be 
detected by gas chromatography analysis. In water flooding produced oil sample, the 
mole fraction of lighter components below C9 was higher than them in in situ CO2 
generation produced sample. Comparing to water flooding sample, in situ CO2 
generation produced oil sample contained more components heavier than C9.  
This measurement indicated that this test did not have a multiple contact miscibility 
process since it could make the produced oil lighter. There was no separate gas phase in 
the flooding system, which was consistent with our visual observation. Asphaltene 
liberation caused by ammonium[33] was the reason of more heavy components in the 
tertiary recovered oil sample. 
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2.4.3 High Pressure Tests (4000 psig) 
 
Figure 2-9 tertiary recovery stage Oil Saturation vs PV plot of test 8 and test 9 
dash line stands for no flow stage 
 
This set of experiments were designed to study the effect of flowthrough experiments 
exposed to higher pressure condition. For Earlsboro oil, 4000 psig was much higher 
than the MMP for CO2/oil mixture. For Deep Star oil, high pressure could provide 
greater CO2 oil solubility than low pressure case. Based on the extensive studies on CO2 
flooding, the CO2 miscible flooding could provide high tertiary recovery because of 
high microscopic displacement efficiency [3]. The modified high pressure rating device 
was used to conduct tests above the estimated Earlsboro oil/CO2 mixture MMP. The 
MMP values of Earlsboro and DeepStar crude were estimated based on the correlations 
proposed by Emera and Lu [57]. The estimated MMP of Earlsboro oil was 3,190 psi, 
and MMP of DeepStar oil was equal to 10,200 psi. The modified high pressure rating 
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sand pack can safely operate up to 4900 psi and 275 ºF. Our initial assumption was that 
above the MMP condition, in situ CO2 generation EOR might offer the better 
performance of tertiary recovery, in analogy to conventional CO2 flooding. 
To operate the system above MMP of Earlsboro oil, the back pressure of the device was 
pre-set to 4,000 psi. The temperature of these tests was kept at 120 ℃. The only 
difference between tests 8 and 9 was different crudes tested. In initial high pressure 
tests, the sand packs were not aged. Therefore, Sor of test 8 and test 9 was slightly low. 
The Ottawa sand used in high pressure test was F-75. Similarly, a 24 hours Shut-in 
chemical reaction cycle was added as most of the other tests. 
Results of the oil saturation variation for different crudes under high pressure condition 
are depicted in Figure 2-9. For Earlsboro crude (test 8), the Sor was 29.28%, after in 
situ CO2 generation processes, the final oil saturation was 21.08% and Etr was 28%. For 
DeepStar crude (test 9), the Sor was 22.84%, the resulted final oil saturation reached 
19.69% and total  Etr was equal to 13.8%.  
To our surprise, while tertiary recovery of test 8 was significant, it was not much higher 
than that in pressure below the MMP tests. This phenomenon revealed the difference 
between CO2 flooding and In situ CO2 generation EOR. Firstly, unlike CO2 flooding, 
there was no separate CO2 phase involved in the in situ CO2 generation formulation. 
The system pressure controlled the CO2 chemical potential in CO2 flooding. When the 
operational pressure is higher than the MMP of the CO2/reservoir crude mixture, the 
primary benefit of miscible flooding would be realized. In this work, In situ CO2 
generation formulation beyond the estimated MMP, the benefit of miscible flooding 
was not observed. The increase of pressure above the MMP would only impact the 
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values of CO2 partition coefficient between the aqueous phase and the oil phase. Further 
investigation on the phase behavior of In situ CO2 generation EOR system under high 
pressure needs to be explored. 
Interestingly, for DeepStar crude (see tests 9 and 6), the tertiary recovery contribution 
due to adding the shut-in step was more obvious in higher pressure (test 9). This was 
likely indicative of increasing the CO2 solubility in DeepStar crude. It is believed that 
increase of residence time became more effective under high pressure condition than 
adjusting the value in low pressure condition. Interphase mass transfer resistance thus 
became the controlled limitation for displacement, less depending on the CO2 partition 
coefficient.  
It can be concluded that 1. Increasing pressure above MMP did not enhance the 
performance of In situ CO2 generation significantly. 2. High pressure could provide 
more favorable CO2 partition coefficient, especially for heavy crude. 
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2.4.4 Core Flooding 
 
Figure 2-10  Oil Saturation vs. Time plot of core flooding for Test 11 DeepStar Oil 
1300 psi Core flooding with shut-in  
 
Test 11 was designed to verify that In situ CO2 generation EOR was able to provide 
tertiary recovery in complex porous media at low permeability using a consolidated 
rock.  
The core sample used in test 11 had a permeability of 127.70 mD and porosity 17.13%. 
It was drilled out from a Berea sandstone block. The sample length was 6 inches and 
diameter was 1 inch. First, the core plug was saturated by synthetic brine composed of 5 
wt% NaCl to measure its pore volume. Then the brine-saturated core was loaded into 
core holder before applying  2000 psi confining pressure for the test. A total of 4 PVs of 
DeepStar oil was injected to dewater and saturate the core. The back pressure was set to 
1000 psi. Then the whole core device maintained at 2000 psi confining pressure, and 
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1000 psi pore pressure was aged at 80℃ for 25 days. After the aging step, the injection 
sequence was similar to the sand pack column tests. The back pressure of the system 
was adjusted to 1300 psi. The temperature of this run was 133 ℃. A shut-in time of 24 
hours was applied. 
From Figure 2-10, the Sor of core test was 70.73%. After completion of in situ CO2 
generation injection, the final oil saturation reduced to 54.25%. The resulted Etr was 
23.3%. Similarly, significant tertiary recovery for the new CO2 generation formulation 
was realized in the core test. The trend of gas collected was quite similar to the previous 
gas production data observed in sand pack study. The oil breakthrough time of the 
tertiary recovery was slightly faster than the CO2 breakthrough time in the effluent. The 
level of tertiary recovery was approximating the value observed from the Deep Star oil 
of Test 6 under intermediate pressure condition. 
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2.4.5 Dilute Concentration of Gas Generating Agent 
 
Figure 2-11 Oil Saturation vs Time plot of Low Gas Generating Agent 
Concentration Test 10 Earlsboro Oil 5% gas generating agent slug 1500 psi with 
shut-in   
 
Test 10 was designed to further explore dilute AC formulation for improving the 
economic viability of this process. The conditions of this test involved low AC 
concentration, 5 wt%, back pressure of 1500 psi, temperature,  20 ℃,  oil used, 
Earlsboro crude, and no aging treatment applied. 
As shown in Figure 2-11, the Sor was 15.9%. After all the in-situ CO2 generation 
injection processes, the final oil saturation dropped to 13.83%. A much lower Etr of 
13% was observed using dilute AC solution.  
In brief, the tertiary recovery was lower than 35% AC tests. The oil breakthrough was 
distinctly slower than 35% AC tests. 
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2.5 Summary 
Table 2-3 summarized the key findings from all the tests conducted in this work. It was 
quite encouraging that most tests showed significant enhancement of tertiary oil 
recovery. Under low pressure condition, in addition to the dominant mechanism of the 
In Situ CO2 generation and an increase of oil swelling, the separated CO2 gaseous phase 
provided favorable mobility ratio inside the porous medium during displacement. 
Although initial residual oil saturation was low, a rather high tertiary recovery was 
achieved.  
Addition of the sand pack aging process almost sharply doubled the residual oil 
saturation after water flooding using Ottawa F-95 sand system. In test 8 and test 9, the 
Ottawa F-75 sand was used. The F-75 sample possessed similar d50 as F-95, but with a 
wider range of particle size distribution. Comparing F-95 and F-75 sand pack 
properties, the residual oil saturation of F-75 increased less dramatically after the aging 
process. 
Table 2-3 All Tests result summary 
 
Test 1 Test 2 Test 3 Test 4 Test 5 Test 6 Test 7 Test 8 Test 9 Test 10 Test 11
Test type
os sand 
pack with 
Earlsboro 
oil
os sand 
pack with 
Earlsboro 
oil
os sand 
pack with 
Earlsboro 
oil
os sand 
pack with 
Earlsboro 
oil
os sand 
pack with 
Earlsboro 
oil
os sand 
pack with 
deep star 
oill
os sand 
pack with 
dodecane
os sand 
pack with 
Earlsboro 
oil
os sand 
pack with 
Deep Star 
Oil
os sand 
pack with 
Earlsboro 
Oil
100mD 
core with 
deep star 
oil
Aging time, Days \ \ 22 46 50 50 51 \ \ \ 25
Porosity, % 34.5% 34.9% 35.2% 34.7% 33.9% 34.0% 34.3% 34.7% 34.4% 34.1% 17.1%
permeability, mD 4050.2 4119.3 4174.2 4071.7 3929.0 3939.2 4006.4 4079.5 4028.1 3966.5 127.7
Gas generating agent AC AC AC AC AC AC AC AC AC AC AC
Gas generating agent 
Concetration,%
35% 35% 35% 35% 35% 35% 35% 35% 35% 5% 35%
Flow rate, ml/min 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.055 0.055 0.03 0.03
Residual oil saturation 
after water flooding
19.5% 16.0% 37.7% 45.4% 50.0% 28.9% 22.6% 29.3% 22.8% 15.9% 70.7%
Recovery by gas 
generating solution 
flooding
13.5% 59.9% 55.9% 23.3% 31.2% 25.0% 9.3% 26.0% 5.5% 10.0% 20.0%
Recovery by shut in 
reaction
\ \ \ \ 16.0% 3.6% 9.3% 2.0% 8.3% 3.0% 3.3%
Temp, ℃ 96 120 120 120 120 120 120 120 120 120 133
Back Pressure, psi 0 80 80 1500 1500 1500 1500 4000 4000 1500 1300
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The tests under intermediate pressure and high pressure largely eliminated the presence 
of free CO2 gas phase but still exhibited satisfactory tertiary recovery, especially under 
high residual oil saturation conditions. Core flooding and low gas generating agent tests 
showed reasonable enhancements of tertiary recovery 
The oil breakthrough of all the sand pack and core flooding tests occurred rapidly 
within the first PVs of AC slug injection in most tests. The oil breakthrough largely 
coincided with the CO2 breakthrough in the collected effluent samples. 
 
Figure 2-12 Oil Saturation reduction plot 
 
To better represent the data from these multiple tests, the main EOR conclusions of the 
flooding tests were re-plotted into one unified curve. The individual symbol in Figure 
2-12 represents the saturation data from different tests. The vertical distance between 
the symbols to the unit slope line represents the corresponding oil saturation reduction 
during the tertiary recovery. Any saturation data located on the unit slope line means 
lack of tertiary recovery. It is easy to recognize the resulted data in concert all deviated 
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from the unit slope line.  In addition, the effects of tertiary recovery from in situ CO2 
generation EOR show much better improvement when initial secondary recovery levels 
are low (i.e., high Sor). 
 
Figure 2-13 tertiary recovery 
 
Tertiary recovery of all the tests was summarized in Figure 2-13. Average tertiary 
recovery of all the tests in this work was 29.56%. The standard deviation of these 11 
tests is ±16.26%. 
2.6 Conclusion  
After the investigations of novel AC formulations for In Situ CO2 generation EOR, 
some superior advantages are revealed comparing to the earlier researches. After 
multiple sand pack flooding and core flooding experiments, it is proved that 
Ammonium Carbamate as a gas generating agent can offer significant potentials for 
tertiary recovery over the pressure ranges studied. The levels of tertiary recovery from 
this simple system are comparable with those complex system (e.g., injection of 
combined surfactant, polymer and alkali mixture) proposed previously by others. This 
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new formulation also offers better economic viability for field implementation. A 5% 
dilute concertation of AC slug exhibits measurable tertiary recovery. The mechanisms 
of In Situ CO2 generation EOR involve multiple interactions such as oil swelling, 
viscosity reduction, wettability reversal and an increase in alkalinity. The tertiary 
recovery is a synergistic effect. The proposed system was an immiscible flooding 
process. Running In Situ CO2 generation EOR experiment above MMP does not show 
additional miscible flooding benefits. 
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Chapter 3: In-Situ CO2 Generation for EOR by Using Urea as A 
Gas Generation Agent 
3.1 Introduction  
CO2 flooding is a well proven EOR technology for many mature fields and can be 
operated economically under reasonable oil price environment in the US [3, 58]. In 
recent years, applying CO2 EOR in unconventional formations [59-62] and offshore 
reservoirs [63] attracts increasing interests. Proper CO2 flooding could have high 
microscopic displacement efficiency but sometimes suffers poor macroscopic 
displacement efficiency. This drawback is mainly due to the large density and viscosity 
contrast between the injected CO2 and crude oil; the reservoir will exhibit gravity 
segregation problems as a result of unfavorable mobility ratio during the CO2 injection. 
Water Alternating Gas (WAG) was introduced to alleviate these phenomena during CO2 
flooding [7, 8, 64].  
In some cases, WAG is still hard to become economically feasible especially inside a 
thick formation [5]. Many efforts were required for optimization of WAG ratio and slug 
sizes to get a good sweep efficiency[7].  The optimized WAG parameters were 
changing cycle by cycle because of the rock-fluid system interaction[9]. To address 
excessive conformance control issues and maximize the recovery, Carbonated Water 
Injection (CWI), i.e., injecting water with dissolved CO2, was proposed as an alternative 
approach. To date, quite a few field scale [13-15] and laboratory scale [10-12, 26, 27, 
65-67] tests were reported.  Unlike installing a new CO2 flooding unit, the existing 
water flooding system is ready to implement CWI with only minor modifications. For 
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example, installation of a pressurized mixing tank allowing rapid CO2 dissolution in 
water at the surface can easily incorporate the CWI into the water flooding practice. 
However, delivery of enough CO2 volume is often constrained by the CO2 water 
solubility in CWI [16, 17].  Previously, Shu [16] developed a patented process to add 
chemical promoters (10 to 30 weight % of a base) in CWI to overcome the limitation of 
the gas water ratios of CWI. In some cases, adding the required chemical promoter 
significantly increases the project costs and also the complexity of the system 
operations. Therefore, in-situ CO2 generation for EOR was considered in the past few 
years as an alternative to address some of the issues as described above. In situ CO2 
EOR was a single aqueous phase injection. The sweep efficiency was better than water 
flooding when the oil viscosity was reduced. Move over, it had many flexibilities on 
mobility control method like water flooding.  Example formulations involved aluminum 
salt-carbamide-surfactant, ammonium carbamate-surfactant, sodium carbonate-acid-
surfactant and ammonium bicarbonate-surfactant-polymer were developed [18-25]. Li 
et al. Li, Ma, Liu, Zhang, Jia and Liu [25]  reported a pilot test of in-situ CO2 generation 
for the offshore reservoir. Among these efforts, quite a few rather complex formulations 
were used to achieve reasonable oil recovery, involving a combination of elevated 
concentrations of surfactant, polymer, plus additives like alkali or acids.  
The Economic viability of any EOR project is affected by the complexity of the systems 
installed. Therefore, the aim of this work is especially targeting on eliminating the 
shortcomings of prior in situ CO2 generation system. The potential benefits of this 
improved formulation may include: 
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i. Not relying on the natural CO2 sources and installation of CO2 transportation 
pipeline. 
ii. Better sweep efficiency than CO2 WAG process. 
iii. Several folds increase of GWR comparing to GWR limitation of CWI. 
iv. Simple and cheap. 
v. Desirable tertiary recovery performance at both above and below minimum 
miscibility pressure conditions.  
vi. Exceptional hardness tolerance of reservoir brine. 
Based on our recent work[31], the modified in situ CO2 generation system uses the urea 
(𝑁𝐻2𝐶𝑂𝑁𝐻2) as another potential gas generating agent. For decades, urea has been 
commercially available and manufactured in massive quantities worldwide. It exhibits 
very high water solubility (1,080g/L at 20 ℃ [68]) and can be safely transported as a 
solid form or in concentrate solution with minimum hazard to human and environment. 
At relatively high-temperature condition (in the deep reservoir), urea will be hydrolyzed 
in aqueous solution thus release ammonia and carbon dioxide. The basic chemistry of 
urea hydrolysis contains two steps: 
 𝑁𝐻2𝐶𝑂𝑁𝐻2 + 𝐻2𝑂 → 𝑁𝐻2𝐶𝑂𝑂𝑁𝐻4 ························ (3.1) 
 𝑁𝐻2𝐶𝑂𝑂𝑁𝐻4 → 2𝑁𝐻3 + 𝐶𝑂2 ···························· (3.2) 
Eq. 3.1 is a mild exothermic reaction and eq. 3.2 is a strongly endothermic reaction. The 
hydrolysis of urea is commonly discussed in wastewater treatment processes and some 
selective catalytic reductions of NOx inside automotive device [69-72]. The kinetics of 
44 
 
urea hydrolysis were studied extensively [73-78]. Several studies on catalyzed urea 
hydrolysis were reported previously in literatures [79-81]  and patents [82].  
It is anticipated that release of CO2 and NH3 from urea hydrolysis would result in 
positive effects on oil recovery. The tertiary recovery based on this in situ CO2 
generation EOR process is mainly a synergistic effect involving wettability alteration, 
oil swelling and viscosity reduction as documented previously[31]. 
Recently, ammonia was applied as an alkali for alkali/surfactant/polymer (ASP) 
flooding [35]. They reported a successful ultralow interfacial tension ASP system been 
developed with ammonia. Significant cost (saving) and logistical advantages of 
applying ammonia were pointed out for offshore application.  
Flury, Afacan, Tamiz Bakhtiari, Sjoblom and Xu [33] reported that addition of 
ammonia had similar but faster performance on bitumen liberation than the use of 
sodium hydroxide at same pH level. Ammonia could replace sodium hydroxide on 
bitumen extraction. Upon bitumen extraction, sandstone wettability reversal would be 
realized due to ammonia used. Evidence of more water wet surface during the CO2-
WAG process in chalk rocks was observed by Fjelde and Asen [34].  
Aqueous urea solution generated a significant volume of CO2 at elevated temperature. 
Once formed, there would be a net CO2 mass transfer between the aqueous phase and 
oil phase in the reservoir. The partition coefficient can describe the partitioning of CO2 
between the oil and aqueous phase. 
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Altunina and Kuvshinov [22] reported that the partition coefficient values for CO2 in 
water-oil system in the temperature range of 35-100℃ and the pressure range of 10-
40MPa are between 4 and 10, whereas this coefficient for ammonia rarely exceed 
6 × 10−4. 
After the CO2 equilibrated between aqueous and oil phase, the oil-solubilized CO2 leads 
to oil swelling. The SF (swelling factor) is defined as the ratio of CO2 saturated oil 
volume at reservoir pressure and temperature divided by the oil-only volume measured 
at the same temperature and atmospheric pressure [41] 
 𝑆𝐹 =
𝑉𝐶𝑂2−𝑂𝑖𝑙(𝑃𝑅,𝑇𝑅)
𝑉𝑂𝑖𝑙(𝑃𝑎𝑡𝑚,𝑇𝑅)
 ··································· (3.3) 
Where 
𝑉𝐶𝑂2−𝑂𝑖𝑙, the volume of CO2-oil mixture 
 𝑉𝑂𝑖𝑙, the volume of oil 
Increasing oil saturation caused by oil swelling allows the discontinuous oil droplets 
previously trapped in the pores to gradually merge with the flowing oil phase[42]. 
Assume that the residual oil saturation is the same whether the oil is carbonated or not. 
Then the same amount of oil volume will contain less pure oil if it is carbonated, due to 
oil swelling [43].  
The dissolved CO2 will also tend to cause a decrease of oil viscosity. The level of 
reduction mainly depends on the dissolved CO2 concentration in oil. Holm [44] stated 
that CO2 could reduce oil viscosity under certain reservoir conditions by 5 to 10 folds 
because of the high CO2 solubility. If the crude has a higher initial viscosity, a 
significant reduction of oil viscosity will occur after it is saturated by subcritical CO2 
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[45].  The CO2-led viscosity reduction is larger at lower temperatures than at high 
temperatures because of higher CO2 solubility in crude at lower temperature [42]. To 
show the potential of this newly proposed formulation, data from prior studies on 
tertiary recovery using CWI and in situ CO2 generation approaches were briefly 
summarized in Table 3-1. 
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Table 3-1 literature reported CWI and in situ CO2 generation tests 
Author 
Mayer, 
Earloughe
r Sr, 
Spivak and 
Costa [83] 
Initial 
Mayer, 
Earlougher 
Sr, Spivak 
and Costa 
[83] Second 
Mosava
t and 
Torabi 
[27] 
Steffens [36] 
Kechut, 
Jamiolahmad
y and Sohrabi 
[12] 
Fathollah
i and 
Rostami 
[84] 
 Wang, Hou 
and Tang 
[24]  
Oil density, 
API  
13.5 12.3 45.4 
Hexandecan
e 
36.15 Decane 
MW C11+ 
240 
Oil Viscosity, 
cP 
475 406 2.76 
Hexandecan
e 
158 Decane 
10.92@80
℃ 
Pore 
Pressure 
850 100 
594 to 
1494 
362.6 2500 
2000 or 
3500 
870 
Temp, F 125 125 
77 to 
104  
ambient 100 84 176 
So after 
water 
flooding 
49.9% 57.8% 
26.4% 
to 
27.4% 
27 32.45% 
32.3% or 
33.4% 
33.89% to 
38.77% 
Inrecmental 17.0% 19.4% 
6.7% to 
12.5% 
\ 9% 
0.79% or 
2% 
5.4% to 10% 
Etr 34.1% 33.6% 
16.5% 
to 
33.5% 
24.0% 28.4% 
2.4% or 
13.6% 
11.12% to 
18.84% 
Carbonated 
water 
injected  
CO2, CWI 
till no oil 
produced 
84CO2/16N
2 mol%, CWI 
till no oil 
produced 
6 PV 23 PV 5.36 PV 1 PV 
10%-20% 
gas 
generating 
agent with 
0.3wt% 
surfactant 
and 0.05% 
polymer, 
0.8PV to 
2PV 
Permeability
, mD 
172 184 
4037 to 
7184 
1200 4580 57 
375.1 to 
213.0 
Porosity,% 23 26.9 
26.92% 
to 
28.15% 
26 35 18 35.3 to 38.9 
 
 
3.2 Materials  
3.2.1 Chemicals  
High purity urea (99 wt.%) and Calcium chloride dihydrate were purchased from 
ACROS ORGANICS. Sodium chloride (99.5 wt.%), Potassium chloride (99%), 
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Magnesium chloride(98%) and Magnesium sulfate(99%) were purchased from Sigma-
Aldrich.  
Three different oils were tested: Pure dodecane and two site crudes, Earlsboro crude and 
Deep Star crude, and their properties are shown in Table 3-2. 
Table 3-2 Physical properties of the oils used in the experiments (at 25°C and 
atmospheric pressure) 
  Dodecane Earlsboro 
Deep 
Star 
API 57.3 40 27 
Viscosity, cP 1.34 4.6 22 
3.2.2 Porous Media & Apparatus 
A selected Ottawa sand (F-75) from U.S. silica was used as the porous media in the 
sand pack studies. The size distribution of F-75 Ottawa sand was between 0.053mm and 
0.6 mm with d50 at 0.15mm. The sand pack tests were conducted at two different 
pressure levels: 1500 psi and 4000 psi.  For these flowthrough tests, similar set-up of 
the sand pack device and procedures were installed and largely adopted from our 
previous study[31].  
3.3 Experiment Procedure 
Urea solutions (5-35 wt.%) were pre-dissolved at two sets of conditions: 5 wt. % NaCl 
or artificial seawater. The recipe with high divalent concentration was adjusted to 
mimic the harsh condition of seawater (see Table 3-3). 
Table 3-3 Composition of Artificial Seawater 
Chemical 
Concentration, 
wt. % 
NaCl 2.629 
KCl 0.074 
CaCl2 0.099 
MgCl2 0.609 
MgSO4 0.394 
Total 3.805 
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A known amount of targeted oil (dodecane or crude) was first injected into Ottawa sand 
packed stainless-steel column to saturate the medium. Water flooding was initiated 
immediately after the oil saturation process. During the sand pack aging process, the 
oil-loaded sand pack was kept in an 80℃ oven beyond one month period to gradually 
reverse the wettability of the sand, leading to much higher residual oil saturation after 
treatment[47].  
The process of sand pack flooding was standardized for consistency and allowed to 
compare with other gas produced agent from our prior study. First, the residual oil 
saturation was established by the adequate amount of brine flooding (till no more oil 
produced). Then a total of 2 pore volumes (PVs) of urea solution were injected into the 
sand pack followed by 2 to 3 PVs of post brine injection to drive out the mobilized oil. 
In this work, one pore volume was equal to 18.95 mL for low pressure (between 1,500 - 
3,100 psi) system, and 34.15 mL for high pressure (up to 4,900 psi) system, respectively. 
The net (tertiary) oil recovered after the water flooding through in situ CO2 generation 
and the volume of CO2 collected in the effluent were recorded for performance analyses. 
In several tests, a shut-in cycle was added where 2 PVs urea solution was injected, and 
then the flow was interrupted for approximately 24 hours to allow a more complete 
chemical decomposition and interphase mass transfer to occur with longer residence 
time. After shut in, post brine flooding was resumed. These shut-in cycles were 
executed in some tests to account for possible mass transfer limitation resulted from 
insufficient chemical residence time.  
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Among the critical process parameters, different brine compositions, varying gas 
generating agent concentration, oil properties, injecting pressures and flow rate were 
evaluated. 
Besides the sand pack flooding test, the PVT study was performed to understand the 
phase behavior after the CO2 is formed under reservoir condition. In the urea solution 
PVT study, the experiment was designed to mimic the reservoir condition with constant 
pressure and temperature. A 5 wt.% NaCl-only and 5 wt.% NaCl plus 10 wt.% urea 
solutions were prepared with DI respectively. The experiment setup was depicted in 
Figure 2-2. It consisted of one piston cell, one Teledyne Isco 260D syringe pump, and 
an oven. One side of the piston cell was filled with testing solution. The other side was 
filled with mineral oil and connected with syringe pump to control the pressure during 
the experiment. A 50-mL of the targeted solution was pre-loaded to one side of the 
piston cell carefully. Then the residual air was displaced out without losing solution by 
injecting a mineral oil to the other side of the piston cell. Before heating, the system was 
sealed and pressurized to 1500 psi at room temperature for 24 hours. Once no volume 
change of the system was observed, the piston cell was heated to a targeted temperature 
of 250℉ for a pre-determined period. At the end of the test, the system was slowly 
cooled down to ambient temperature. The syringe pump was held at a constant pressure 
of 1500 psi during the whole experiment process. The system volume change caused by 
temperature changes at constant pressure was recorded for interpretation. 
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3.4 Results and Discussion 
In this work, urea-based CO2 generation EOR was studied as alternative tertiary 
recovery approach. The tertiary recovery factor (Etr) was collected and analyzed as an 
efficiency indicator of this new in-situ system. Oil saturation over time, So, was plotted 
for analysis. 
In this work, eight sand pack flooding tests were designed to provide the proof of 
concept for using urea as gas generating agent for enhancing oil recovery.  The resulted 
changes of sand pack oil saturation (So) during the tertiary recovery stage were plotted 
against PVs injection. Tertiary recovery gauged immediately after the oil cut reaching 0 
in the effluent (Sor established). The column test conditions were summarized in Table 
3-4. 
Table 3-4 Column test conditions 
 
Test number 1 2 3 4 5 6 7 8
Oil phase
Earlsboro 
Oil
Earlsboro 
Oil
Earlsboro  
Oil
Dodecane
Deep Star 
Oil
Earlsboro 
Oil
Earlsboro 
Oil
Earlsboro 
Oil
Porosity, % 34.49% 34.46% 33.83% 34.37% 34.32% 34.96% 35.85% 35.77%
Permeability, mD 4039 4033 3909 4015 4006 4132 4315 4298
Aging time, days 46 46 46 60 60 60 60 60
Brine 5%NaCl 5%NaCl 5%NaCl 5%NaCl 5%NaCl 5%NaCl Seawater 5%NaCl
Gas generating agent 
Concetration,%
35.00% 35.00% 35.00% 10.00% 10.00% 10.00% 10.00% 5.00%
Temp, ℃ 120 120 120 120 120 120 120 120
Back Pressure, psi 1500 1500 4000 1500 1500 1500 1500 1500
Flow rate, ml/min 0.03 0.08 0.055 0.03 0.03 0.03 0.03 0.03
Sor 28.04% 30.70% 29.57% 17.42% 33.24% 32.72% 25.32% 22.70%
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3.4.1 Effect of Injection Flow Rate 
 
Figure 3-1 Oil Saturation vs. PV for tertiary recovery stages, operating at different 
flow rate, NaCl 5% Brine, 1500 psi and 120℃ with Earlsboro oil 
 
Figure 3-1 shows the flow rate effect on the tertiary recovery at 1500 psi back pressure 
and 120 ℃ with same oil and brine. The dashed line showed the chemical (urea) slug 
injection and the solid line showed the (post) brine flooding. The chemical slug 
contained 35% Urea and 5% NaCl solution. The concentrated urea solution was applied 
to provide preliminary evidence for tertiary recovery potential using this approach.  A 
5% NaCl solution was used as reservoir brine in pre- and post brine flooding. Two 
different flow rates (0.03, 0.08 mL/min, equal to the interstitial velocity of 13.6, and 
36.2 inches/day, respectively) were tested. Two PVs of the gas generating urea solution 
was injected and followed by continuous post brine flooding until no more oil eluted. 
From Figure 3-1, two sand packs had minor different Sor initially after pre-brine 
flooding. However, at the end of the in-situ CO2 generation EOR process, low flow rate 
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test showed superior oil recovery performance. Urea injection at a lower flow rate (0.03 
mL/min) achieved 35.85% of tertiary recovery compared to 18.97% when injecting at a 
high flow rate (0.08 mL/min). For lower injection rate, the better EOR observed was 
attributed to the longer chemical residence time(631 min for lower flow rate and 237 
min for higher flow rate) in the porous medium. It is believed that either urea hydrolysis 
rate or the mass transfer of CO2 generated from aqueous phase to oil phase rendered 
large amount oil recovery. Based on the kinetic data of urea hydrolysis available[76], 
the predicted half-life of urea in gas generating solution at 120℃ (1437 min) was much 
longer than the chemical residence times tested in this study. It revealed that longer 
residence time could offer better oil recovery based on in situ CO2 generation system. 
By increasing chemical conversion factor of same urea injected concentration, more of 
CO2 and NH3 were generated enabling to release the trapped oil.  
3.4.2 Effect of Injection Pressure 
Numerous studies showed that a CO2 miscible flooding gave better recovery than 
immiscible flooding [3, 6, 85]. To investigate the minimum miscible pressure (MMP) 
effect on the tertiary recovery of in situ CO2 generation EOR, operating pressure below 
and beyond MMP was compared for same crudes used, Earlsboro oil. 
The MMP of Earlsboro oil was first estimated close to 3,190 psi based on the 
correlation proposed by Emera and Lu [57].  
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Figure 3-2 Oil Saturation vs. PV for tertiary recovery stages, operating at different 
pressure, NaCl 5% Brine, velocity of 13.6 inches/day and 120℃ with Earlsboro oil 
 
The operational conditions of Test 3 were similar to Test 1. There were two main 
differences between Tests 3 and 1. For supra-MMP condition, 4,000-psi back pressure 
was applied in Test 3 vs. sub-MMP of Test 1 (1,500 psi). Secondly, the PVs of Test 3 
(34.15 mL) was larger than that of Test 1 (18.95 mL) due to the larger diameter of high-
pressure rating sand pack device. For better comparison, the injection flow rates were 
adjusted to have similar interstitial (seepage) velocity accounting for different sizes of 
diameter. From Figure 3-2,  the resulted Sor of both tests after pre-brine flooding were 
quite similar. To our surprise, at the end of the runs, better EOR performance was 
observed in the low-pressure (sub-MMP, 1,500 psi) system. Test 1 had higher Etr as 
35.85% in comparison of 15.80% Etr of test 3. This revealed that there was no separate 
CO2 phase occurrence during the urea flooding (otherwise Etr of test 3 would be much 
higher than test 1). The benefits of CO2 miscible flooding beyond the MMP did not 
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exist in this immiscible process via CO2 generated in situ. In this work, most CO2 
generated was completely dissolved in the aqueous brine. The amount of CO2 produced 
fully distributed between the trapped oil and aqueous phase in the porous medium. 
Reduction of tertiary recovery in the high-pressure system could be attributed to 
multiple reasons, such as the decrease of the CO2 partition coefficient (i.e., increasing 
partitioning in brine at higher P), the impact of extraction pressure on the swelling 
factor.The relationships between these phenomena and extraction pressure need 
additional investigation and are beyond the scope of this work.  
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Figure 3-3 Normal alkane composition changing in test 1(top) and test 3(bottom). 
The analyses for high pressure test (4,000 psi, Test 3) were carried out in 
triplicates for the individual sample to generate standard deviations in the curves. 
 
The crude oil samples from Tests 3 and 1 were both collected at sand pack effluent for 
further compositional analysis. For this effort, the original oil sample, the eluted oils 
collected from the effluents of pre-brine flooding and after in situ CO2 generation 
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process were analyzed using a Gas Chromatography method as whole oil sample. Only 
normal alkane concentration distributions in the crude oil were studied in this work. 
Data from the compositional analyses of Tests 1 and 3 were shown in Figure 3-3. All 
the observed concentration changes were beyond the QA/QC error of the GC 
equipment. First, between original crude (As Is sample) and brine flooding samples, the 
concentrations of lighter components (<C8) in original crude were distinctly greater 
than those in brine flooding samples, a similar trend found in Tests 1 and 3. The 
decrease of n-alkane compositions in most brine flooded samples was likely caused by 
evaporation of light component during the aging processes. In Test 1 and test 3, both 
sand packs were first dry packed with Earlsboro oil and aged at 80 ℃ for an extended 
period. The aging treatment was beneficial to build up a desirable high Sor after brine 
flooding, whereas some lighter alkanes inevitably evaporated from the spiked crude oil 
in the sand pack during the aging period. The original sample composition difference 
between test 1 and test 3 is caused by the evaporation of the lighter components 
during the crude oil storage at 1.6℃. 
Comparing oil samples obtained in brine flooding and after urea injection, a notable 
reduction in light and medium components in tertiary recovered oil samples was 
observed in both sub-MMP (Test 1) and supra-MMP system (Test 3). To our surprise, 
the concentrations of C8 plus components were increasing while lighter components (< 
C8) concentrations decreased. In other words, oil with more heavier components was 
eluted by in situ CO2 generation. In a regular multi-contact miscible (MCM) CO2 
flooding system, the light and probably medium components could be produced more 
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and heavier components instead would be left behind in the porous media because of 
dynamic composition changing over the course of the MCM process between the CO2 
front and the contacted crude oil. Not surprisingly, lighter components tend to be easily 
extracted by the CO2 flood front thus dominated the recovered oil composition. 
Interestingly, applying in-situ CO2 generation EOR, the opposite phenomena were 
observed; that is, the concentration of heavy components in the eluted oil increased. 
Comparing 1500 psi (test 1) and 4000 psi (test 3), the level of heavier components 
concentration was more obvious in the high-pressure system.  
The explanation for the observed behaviors was that there appeared no separate gas 
phase CO2 presence in urea injection. The generated CO2 first formed in the aqueous 
phase by urea decomposition. Then because of apparent high CO2 solubility in crude 
oil, the dissolved CO2 in brine would migrate to the oil phase. Once the CO2 levels 
depleted in the aqueous phase, the decomposition reactions could shift further to the 
product CO2 and NH3 side and lead to more complete hydrolysis of urea. MCM process 
in a common CO2 miscible flooding was not occurring. Therefore, the extraction 
(concentration) of light and medium components in the oil recovered was not detected.  
The concentration of heavier components in the produced oil could be attributed to the 
increasing concentration of NH3 effect in the in-situ CO2 generation system. 
Asphaltenes adsorption on the sand surface would effectively reverse the wettability 
during the aging process. Adsorption of heavier n-alkanes would be greater than light 
and medium components on the sand surface. During brine flooding stage, the injected 
brine could not liberate the asphaltenes sorbed on the sand surface. However, during 
urea injection stage, the produced NH3 have the ability to release the adsorbed 
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asphaltene from the sand surfaces significantly and shift the surface becoming more 
water-wet. Thus, more heavier n-alkanes was able to produce along with some liberated 
asphaltenes by in situ generation of CO2 treatment. 
3.4.3 Effect of Oil with Different Properties 
 
Figure 3-4 Oil Saturation vs. PV for tertiary recovery stages, operating with 
different oils at 1500 psi, NaCl 5% Brine, 13.6 inches/day and 120℃ 
 
Figure 3-4 shows the oil saturation variations during the In-Situ CO2 generation EOR 
process tested with the selected three different oils. All three sand packs were first aged 
before initiating the flooding step. This series of tests were conducted using lower urea 
concentration of 10% in 5% NaCl solution as the gas generating slug to assess CO2 
generation EOR capacity. Similarly, pre- and post-brines were kept at the same level of 
5% NaCl solution, and the rest of the operating conditions were kept as identical as 
previous tests. Note that in this series of tests, an extra chemical shut-in step was added. 
After a complete cycle of in situ CO2 generation EOR process (pre-brine, chemical slug, 
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post-brine), a second two PVs chemical slug was immediately injected and followed by 
a 24-hour shut-in step to provide longer CO2 mass transfer time and to offer better 
chemical utilization ratios with longer chemical hydrolysis period.  
As shown in Figure 3-4, both Deepstar oil and Earlsboro oil exhibited similar Sor after 
brine flooding. Moreover, after longer aging process treatment (60 d, Table 3-4), the Sor 
of the Earlsboro Oil sand pack (Test 6) had a higher Sor (32.7%) than that of Earlsboro 
sand packs with shorter aging time (28% Sor of Test 1). The dodecane-spiked sand pack 
showed much lower Sor (17.4%) with the same amount of aging time. It was mainly 
because that  Dodecane was a pure n-alkane. There were no other polar components can 
effectively reverse the sand wettability during the aging treatment. In the meantime, the 
viscosity of dodecane was close to the displacing phase. Therefore, during the brine 
flooding, the dodecane-spiked sand pack had a much more preferred mobility ratio than 
crude oil cases.  
Before the extra shut-in reaction step, during the first 2 PVs chemical slug injection, a 
10% urea solution could significantly improve oil recovery in all three oils tested. The 
result of Earlsboro oil sand pack showed the highest oil saturation reduction of 12.42%. 
The amounts of oil saturation reduction in Deepstar and Dodecane runs were 6.86% and 
5.29%, respectively. However, the initial Sor of Dodecane test was much lower. The net 
Etr might be a better performance indicator than the levels of oil saturation reduction. 
The measured Etr of Earlsboro oil, Deepstar oil, and Dodecane were 34.29%, 14.29%, 
and 30.3%. Since the initial Sor of Dodecane case might be on the lower end to perform 
an ideal scenario of tertiary recovery, the collected data did indicate that urea-based 
CO2 generation could achieve better performance with low-density oil. Thus, dodecane 
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run could be considered as the best contender among these three oil tested. Its superior 
outcome could be attributed to increasing partition coefficient in dodecane case because 
of higher CO2 solubility in low-density oil. Also, low-density oil was less viscous 
among the oils tested; the mass transfer resistance was quite smaller in lower density oil 
tests. 
During the sequent (2nd) 2 PVs gas generating agent injection and shut-in period, the 
amount of oil produced was significantly less than the first injection cycle, except 
Deepstar oil run. In the Dodecane test, there was negligible oil produced after the 
second run of chemical injection. In Deepstar and Earlsboro oil cases, a notable 30.76% 
and much less 8.58% of the total tertiary recovery were recovered, respectively, after 
the second injection cycle. There were two possible reasons. As previously described, 
the resulted Sor after pre-brine flooding was much lower in dodecane test. Not 
surprisingly, the amount of CO2 generated at the first gas generating agent injection 
stage was adequate to produce most Dodecane that could be recovered through the 
mechanisms controlled by in situ CO2 generation EOR. The required CO2 volume was 
much smaller in Dodecane than Crude oil, as large portion of oil been removed by the 
brine flooding. Secondly, both crude oils studied were more viscous than pure n-alkane. 
The mass transfer resistance was much higher in crude oil runs. Therefore, the extra 
residence time during shut-in step provided a beneficial longer period for the system to 
compensate the mass transfer limitations of CO2 in the crude oil system. The viscosity 
of Deepstar oil (22 cp) was larger than Earlsboro oil (4.6 cp). In the Deepstar oil test, 
cumulative oil recovered over the shut-in period hold a greater portion of total recovery 
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than Earlsboro oil under similar conditions. This observation also aligned with the 
effects of viscosity difference explanation mentioned above. 
3.4.4 Presence of Divalent Ions 
 
Figure 3-5 Oil Saturation vs. PV for tertiary recovery stages, operating with 
seawater/NaCl,1500 psi, 13.6 inches/day and 120℃ with Earlsboro oil 
 
Elevated concentrations of common divalent ions like calcium and magnesium in 
reservoir brine tend to form carbonate precipitates with 𝐶𝑂3
2− in CO2 based miscible or 
immiscible flooding processes [86]. Excessive formation of precipitates in porous 
media could lead to severe formation damage whereas precipitation occurred in 
wellbore could cause scaling and blockage in the perforated zone. If too much CO2 was 
consumed in carbonate precipitates, the rest of CO2 available may not be enough to 
sustain a desirable tertiary recovery. Therefore, it is important to assess the new 
proposed formulation under different divalent ions concentrations. Various gas 
generating agent concentrations ranging from 1% to 40% of urea in synthetic seawater 
were prepared and monitored at room temperature for 20 days before proceeding any 
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flooding test. Among 20 days equilibration, no apparent precipitates were detected in 
any of the prepared samples. 
From Figure 3-5, similar oil recovery behaviors in seawater run as compared to NaCl 
brine test were observed. The first sign of oil breakthrough happened during the gas 
generating agent injection stage. The only difference was in seawater run oil 
breakthrough was slightly retard. The Sor after brine flooding (25.3%) was slightly 
lower than previous Earlsboro oil tests (28% to 32.7 %). The tertiary recovery in this 
test 7 was 20.41%. Because of low Sor, the oil volume left for tertiary recovery in test 7 
was smaller than test 6. Despite the shut-in reaction stage included in test 6, the final oil 
saturation was about the same in these two trials. It indicated that the amount of CO2 
consumed by divalent ions in test 7 did not dramatically affect the oil production. 
From the collected effluent, no large carbonate crystals were observed. A small amount 
of clayey like precipitates were dispersed in the eluted brine. The formation of colloidal 
carbonate precipitates on the sand surface and in the bulk brine did not build up the 
capacity to block the highly permeable sand pack since the sand pack permeability was 
close to 4 D in this work. Potential formation damage in lower permeability cores still 
needs further investigation in the future. 
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3.4.5 Effect of Gas Generating Agent Concentration 
 
Figure 3-6 Oil Saturation vs. PV for tertiary recovery stages, operating with 
different Urea concentration, NaCl 5% Brine, 1500 psi, 13.6 inches/day and 120℃ 
with Earlsboro oil 
 
One low gas generating agent concentration (5% urea) test was done to assess the better 
economic feasibility and optimization potential of this new proposed in situ CO2 EOR 
system. From Figure 3-6, the extra step of the second gas generating agent injection and 
the 24-hour shut-in reaction of test 8 were not beneficial for improving tertiary 
recovery. After the first chemical injection stage, 5% urea with 5% NaCl could produce 
the majority of the tertiary oil recovery. Among these, 35% urea test had the highest 
tertiary recovery and 5% test had the lowest tertiary recovery. However, the tertiary 
recovery did not increase proportionally with the increase of urea concentrations. The 
chemical concentration and injected pore volume are well enough than the system 
required. Based on these limited data, additional optimizations should be further 
explored. 
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3.4.6 Urea Solution PVT Test 
 
Figure 3-7 The 5 wt. % NaCl solution base case 
 
Figure 3-7 was the base case (5 wt.% NaCl-only) test. The readings of the system pre-
equilibrium stage before the heating were not included in this plot for clarity. At 
constant pressure (1500 psi) condition, when temperature is approaching 250℉(120 ℃), 
the fluid volume significantly increased. The volume increase could be quantified by 
recording the pump volume change. The thermal expansion of the fluid in the piston 
cell was 14.58 mL. Once the system reached equilibrium at 250 ℉, it was cooled down 
to room temperature again. After the system reached a new equilibrium at 1500 psi and 
room temperature, the recorded volume change was -0.06 mL.  
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Figure 3-8 The 5 wt.% NaCl and 10 wt.% urea solution tested case  
 
Figure 3-8 was the PVT study for the 5 wt.% NaCl plus 10 wt.% urea solution. After the 
heating, the fluid volume in the piston cell increased by 12.54 mL initially. Unlike the 
brine base case, the fluid volume started to decrease when the system was approaching 
equilibrium (> 1000 mins). The net fluid volume increase was stabilized at 11 mL. The 
difference between the brine and urea brine solution indicated that urea hydrolysis was 
a much slower process comparing to the aqueous phase thermal expansion. Therefore, 
the 12.54 mL volume increase was dominant by the thermal expansion. Then the net 
effect of the water consumption (depletion) of the urea hydrolysis was realized later 
when the notable amount of water molecules was reacted with urea. After the gas 
generating solution reached equilibrium, the piston cell was cooled to room temperature 
while maintaining at constant P. The final volume change was a negative value of -4.07 
mL which means that urea hydrolysis consumed 4.07 mL water of original solution. 
The volume increase in the base case caused by heating was more significant than the 
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gas generating case. Therefore, no free gas phase was forming with 10 wt.% gas 
generating agent solution at 250℉ and 1500 psi. 
 
3.5 Summary 
 
Figure 3-9 Oil saturation change and tertiary recovery for all the tests 
 
Figure 3-9 is a detailed summary of the tests of urea based in situ CO2 generation 
approach. Because of the unique pore throat structure of each sand pack, the residual 
oil recovery was not fully controlable[27, 84].  Variation of the residual oil saturation 
after water flooding was noticeable. Despite variations in residence times, operating 
pressures, types of oil used, levels of divalent ions and gas generating agent 
concentrations, the majority of the tests in this work showed a significant tertiary 
recovery. Mechanisms of swelling and viscosity reduction were showed separately in 
pure alkane test. For all the simple homogenous sand pack experiments, the dominant 
tertiary recovery mechanism is oil swelling. Effect of wettability reversal was observed 
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in the compositional analysis of collected oil samples. Presence of divalent ions did not 
cause adverse effects in the tests. 
Even including several tests with extremely low original Sor, overall the average tertiary 
recovery was calculated close to 24.19%. In comparing with the Table 3-1, this 
recovery was achieved by a cheaper and less complex system(Urea Price: $345/TON) 
that required no more facilities other than basic water injection, and similar to the 
results from our recent study[31]. The tertiary recovery was higher than most of the 
published data. Though, this work was still at the very first stage of development to 
prove the validity of this newly proposed technique. It appears that the potential for the 
optimization of this technique was quite large based on some promising data 
documented here. 
 
3.6 Conclusion  
After the study of the new proposed simple chemical system for In Situ CO2 generation 
EOR, its advantages are revealed comparing to the earlier researches. 
1. Urea as a gas generating agent can provide significant tertiary recovery under the 
tested conditions. 
2. The tertiary recovery of the newly proposed simple chemical system is comparable 
to the complex system (combined surfactant, polymer, and alkali) proposed by 
earlier In situ CO2 generation types of research. This fact allows outstanding 
economic feasibility. 
3. The mechanisms of In Situ CO2 generation EOR are oil swelling, viscosity 
reduction, and wettability reversal. 
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4. Running In Situ CO2 generation EOR experiment above MMP does not show 
miscible flooding benefits. 
5. Urea is a better gas generating agent than other carbamates or carbonates because of 
its outstanding divalent cations resistance. 
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Chapter 4: In-Situ CO2 Enhanced Oil Recovery: Parameters 
Affecting Reaction Kinetics and Recovery Performance 
4.1 Introduction  
CO2 injection as a dominant enhanced oil recovery (EOR) method is applied 
successfully in the US for over 40 years[87].  It is estimated that approximately 5% of 
US oil production was coming from CO2 EOR[88]. There were 152 CO2 EOR projects 
active in 2014[89]. From another perspective, CO2 capture and storage (CCS) is 
proposed and practiced for years to address global climate change[90]. Expanding the 
use of captured CO2 for EOR operations offers one of the best options to reduce the 
CO2 emission. In the last decade, many US major CO2 EOR operators have 
economically operated in mature oil fields, and more recently some even explored the 
potential in unconventional reservoirs[91]. In post-2014 low oil price environment, the 
CO2 flooding remains a promising EOR technique for major offshore reservoirs[63, 92]. 
However, behind the optimistic data of the CO2 EOR projects, some common issues are 
still limiting its full potential, e.g., mobility control, CO2 availability, CO2 
transportation, and infrastructure requirements. 
Under idealized laboratory conditions, most supercritical CO2 testing shows exceptional 
tertiary recovery because in essence, it is miscible flooding [3]. However, when CO2 
moves to actual field tests, the large contrast of viscosity and density between the 
displacing phase of injected CO2 and the displaced phase inevitably leads to less 
desirable mobility ratios. While the microscopic displacement efficiency may be quite 
high, the actual sweep efficiency is drastically reduced resulting in less robust tertiary 
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recovery. To address the mobility control issue, the Water Alternating Gas (WAG) 
method is proposed[7, 8, 64]. In cases like that of a thick formation, WAG is still hard 
to operate properly within economic constraints[5]. Because the optimal WAG ratio and 
slug sizes are constantly changing between individual cycle, site optimization 
procedures require extensive efforts and monitoring [9]. Others have proposed 
Carbonated Water Injection(CWI), i.e., injecting water with dissolved CO2, to eliminate 
the mobility control issue associated with injecting gaseous CO2 and have demonstrated 
these in both field scale[13-15] and laboratory scale[10-12, 26, 27, 65-67] tests. 
Regarding the field practice, CWI requires no surface facilities beyond the basic water 
flooding system except the pressurized mixing tank for the CO2 dissolution step. In 
many cases, it offers a low-capital alternative versus the WAG method and achieves 
similar sweep efficiency as water flooding.  Nonetheless, the CO2 delivery ability of 
CWI is limited by CO2 water solubility at the reservoir conditions [16, 17]. More 
recently, injection of CO2 foam, or various CO2 thickeners and gels were also 
extensively investigated for their potential in improving mobility control of EOR [88]. 
To date, quite a few of these new approaches remain at lab stage. Before full scale 
implementation, evidences of their affordability must be first demonstrated based on 
field pilot tests.  
A few decades ago, Shell Oil Co proposed one of the very first ICE systems by 
applying sodium carbonate-sodium bisulfite, sodium bicarbonate-sodium bisulfite and 
sodium carbonate-hydrochloric acid/sulfuric acid to generate CO2 in situ[93]. A variety 
of chemical CO2 generating agents and formulations were offered subsequently. 
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Regarding gas generating efficiency, most documented candidates to date could be 
categorized into two groups, single fluid system, i.e., self CO2 generating ability with 
single chemical slug injection, and dual fluid system, i.e., basic salt slug followed by 
secondary acid slug injection to initiate various CO2 generating mechanisms. The single 
fluid systems include surfactant-carbamide-ammonium salts[23], carbamide-
surfactant[22], ammonium bicarbonate-surfactant-polymer[24], urea-steam[94, 95], 
aluminum salt- carbamide-surfactants[21], ammonium carbamate-surfactant-
polymer[19], low pH HEDTA-EDTA-carbonate reservoir[96, 97] and citric acid-
carbonate reservoir[98] systems. Examples of the dual fluid systems involve sodium 
bicarbonate-citric acid[99], sodium carbonate-acid[20, 25, 100] and carbonate salt-acid-
surfactant[18, 101]. One common scheme of these advanced approaches is, either field 
operations are difficult to control, e.g., multiple fluid slugs with different pH during 
sequential injection, or adjusting multiple components in solution are challenging, e.g., 
surfactant, polymer, alkali, acid involved. Increasing system complexity significantly 
hampers the project economic viability. Therefore, work done by this group focused on 
single fluid systems eliminating the use of functional additives (surfactant, polymer, 
acid, alkali). By taking the advantages of the self-initiating chemical hydrolysis of urea 
and the reasonable level of tertiary recovery potential, the newly developed approach 
allowed a simple and cheap ICE process[31, 102].  
In this work, our previous studies with urea as the gas generating agent were expanded 
because of its easy access, reasonable price, and superior water solubility for EOR field 
operations. Additionally, the raw material can be safely handled as bulk solid or 
73 
 
concentrated solution with minimum hazardous concerns to human and 
environment[102].  
Urea hydrolyzes at elevated temperature to release ammonia and carbon dioxide: 
 𝑁𝐻2𝐶𝑂𝑁𝐻2 + 𝐻2𝑂 → 𝑁𝐻2𝐶𝑂𝑂𝑁𝐻4 ························ (4.1) 
 𝑁𝐻2𝐶𝑂𝑂𝑁𝐻4 → 2𝑁𝐻3(𝑎𝑞. ) + 𝐶𝑂2 ························· (4.2) 
The urea hydrolysis is studied across various research areas (waste water treatment, 
automotive selective catalytic reduction[69-77], etc).  With proper conditions and 
control, the produced CO2 and NH3 from urea hydrolysis offer great potential to 
improve tertiary oil recovery. Recently, injection of NH3 aqueous solution only has 
shown advantages in alkali/surfactant/polymer(ASP) flooding comparing to Na2CO3[35, 
55] and exhibited a positive effect on wettability reversal on the silica sand surface[33].  
Additionally, the majority of the CO2 produced in aqueous phase migrated to the 
entrapped oil phase due to its high partition coefficient between oil and aqueous phases. 
After significant CO2 dissolution in oil, the oil saturation moves higher as a result of oil 
swelling[41-43] and decreasing oil viscosity [44, 45, 50, 103] leading to significant 
residual oil mobilization and better recovery. 
As research related to ICE mechanisms go forward, more questions are arising than are 
being answered. Among these concerns is that elevated divalent cations in brine might 
cause formation damage during the CO2 flooding process[86] through calcium 
carbonate precipitation. Many earlier works were executed at no to trace divalent ion 
concentrations. However, site-specific reservoir brine conditions vary case by case[31]. 
74 
 
Second, in our previous effort, the reservoir temperature was kept at 120 ℃. It is logical 
to further explore the operational envelope of the proposed ICE process since not all the 
reservoirs suitable for CO2 flooding are within such a high temperature range. Third, in 
our earlier studies highly concentrated reagent solutions were used to prove the validity 
of this new approach.  Therefore, additional studies to optimize formulation design is 
required to provide a realistic cost estimate for any field trial.  Last but not the least, the 
urea hydrolysis reaction rate and mass balance were estimated previously based on the 
kinetic data derived from the literatures focused on wastewater treatment studies. Thus, 
the calculated data might not be truly representative of reservoir conditions, which are 
rather complicated and extreme as compared in the case of conventional wastewater 
treatment facilities. Monitoring the actual urea hydrolyzes and the residual mass at site-
specific reservoir conditions can offer a better picture of the newly developed ICE 
system.  
4.2 Materials 
4.2.1 Chemicals 
High purity urea (99 wt.%) and calcium chloride dihydrate were purchased from Acros 
Organics. Sodium chloride (99.5 wt.%), potassium chloride (99%), magnesium 
chloride(98%) and magnesium sulfate(99%) were purchased from Sigma-Aldrich. The 
special 5 mL-microwave reactors with 300 psi pressure rating were purchased from 
Chemglass. Vanadium pentoxide (99.6%) was purchased from Acros Organics. Sodium 
orthovanadate (99.98%), sodium hydroxide (97+%), acetonitrile (HPLC grade, ≥
99.93%) and water (HPLC Plus) were purchased from Sigma-Aldrich. 
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Earlsboro crude was the targeted oil for the optimization. It was a 40 API crude with a 
room temperature viscosity of 4.6 cP. The MMP of CO2 for this oil was estimated as 
3190 psi[57]. 
4.2.2 Porous Media & Apparatus 
For the sand pack tests, Ottawa sand F-75 from U.S. Silica was selected for most tests. 
The F-75 Ottawa sand pore sizes were from 0.053 to 0.6 mm with d50 of 0.15 mm. The 
sand was air-dried in an 80 ℃ oven overnight before being packed into the stainless-
steel (316 stainless steel) column. For better comparison, the total length of each sand 
pack was adjusted to be identical at 6 inches. The inside diameter (ID) of a regular 3100 
psi pressure rating sand pack was 0.834 inch. The average pore volume of the packed 
columns was 18.95 mL +/-0.18 mL. 
For the flow-through tests, similar apparatus setup was used as described in our 
previous work[31]. 
4.3 Experimental 
4.3.1 Urea Hydrolysis and Catalytic Reactions 
A series of urea hydrolysis tests were carried out to monitor the kinetics of the urea 
hydrolysis reactions and any modifications of reaction rates by catalysts to provide 
additional critical parameters (i.e., the reaction constant) for a future field scale pilot test 
and reservoir simulations. 
Urea solutions were analyzed by HPLC (High-Performance Liquid Chromatography) 
installed with a UV/Vis detector. The UV/Vis detector was set at 200 nm. A reverse 
phase C18 column was used to separate the urea peak. An acetonitrile and water (50/50) 
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solution was used as the mobile phase. The HPLC pumping rate was 0.7 mL/min. The 
C18 column temperature was kept at 30 ℃.  
The microwave reaction vials were set up as the urea hydrolysis reactor. The reactor 
could be operated safely up to 400 psi and 300 ℃ to withstand the pressure increase as 
a result of generating CO2 and heating over the course of hydrolysis.  A series of 10 
wt.% urea-only and urea solutions with catalyst (1wt.% NaOH) were prepared in 
deionized water.  For one group of measurements, individual vials were first loaded 
with 5 mL of the stock solution. Six replicate reactors were involved and sealed with the 
same targeted solution. Then the whole set of reactors were simultaneously heated to 
the targeted temperature while the reaction times were recorded. At each designed time 
interval, one of the reactors was removed from the oven and immediately cooled in a 
room temperature water bath to quench further reaction. After the cooling of last (6th) 
reactor was finished, all post-hydrolysis sample solutions were retrieved and further 
diluted before the HPLC analyses. The change of urea concentration against different 
reaction periods could then be plotted to quantify the reaction constant at any particular 
temperature. 
4.3.2 Sand pack flooding with the presence of divalent ions 
Ottawa F-75 sand was evenly packed in the stainless-steel column with diameter 0.834 
inch and length 6 inches. A fixed amount (90 g) of Ottawa sand was loaded to the 
column for each test. Similar compaction was applied to the filled materials. Porous 
media properties like porosity and permeability were highly consistent between runs, as 
is summarized at Table 4-2. A known amount of Earlsboro crude oil was injected into 
the dry sand pack to develop a full oil saturated sand pack.  After the oil saturation step,  
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all sand packs were aged with the crude oil for 60 days at 80℃[47]. Once ready, the 
aged sand pack was flooded according to different strategies. In this study the in situ 
CO2 generation EOR was applied as a tertiary recovery method, so the first stage 
involved a water flooding to establish a residual oil saturation. A total of 8 to 10 pore 
volumes (PVs) of either mimic sea water or API brine would be injected before 
applying additional stages after the oil cut approached zero. Table 4-1 showed the brine 
ingredients used in this work.  
Table 4-1 The brine composition 
Chemical 
Seawater Salt Concentration, 
wt. % 
API Brine Salt Concentration, 
wt. % 
NaCl 2.629 8.000 
KCl 0.074 \ 
CaCl2 0.099 2.000 
MgCl2 0.609 \ 
MgSO4 0.394 \ 
Total 3.805 10.000 
Once the residual oil saturation was established, injection of urea was initiated. The gas 
generating urea solutions were prepared in mimic seawater or API brine. Urea 
concentrations used in this work were ranging from 1 wt.% to 35 wt.%. For consistency 
and better comparison, the injected gas generating agent solution volume was kept at 2 
PVs for all the tests, which means that the total amount of urea varied from test to test, 
just as the amount of CO2 and ammonia generated was allowed to vary from test to test. 
After completion of the gas generating agent injection, post urea water flooding 
immediately followed until the oil cut again reached zero. In addition to the continuous 
flow tests, several shut-in cycles were included as part of the tests to allow additional 
time for the urea to decompose and for the CO2 generated in solution to diffuse into the 
residual oil phase, as well as for the ammonia generated to react with the surface of the 
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sand in the aged sand pack. For tests involving a shut-in reaction cycle, after the 
chemical injection, a 72-hour flow stoppage (interruption) was added while the pressure 
and temperature were kept at the test conditions. To compare high and low injection 
rates, 0.3 mL/min and 0.03 mL/min flow rate were tested. The changing of the injection 
rate was also to observe the effect of the chemical residence time on the oil recovery.  
Among the standard injection strategies, after 1 PV reactive chemical injection, with or 
without shut-in reaction cycle, there followed adequate pore volumes of water flooding 
to achieve zero oil cut before either switching to the next chemical slug injection or 
concluding the experiment. 
The depth of the Red Fork formation that produced the Earlsboro crude oil was from 
3000 ft to 4500 ft[104]. Therefore, the test pressure was set to 1500 psi to represent the 
formation reservoir pore pressure. At the same pressure, different temperatures were 
used to evaluate the effect of the urea hydrolysis reaction kinetics. 
The effluent of the sand pack flooding was collected and analyzed to determine the urea 
mass balance and the amount of unreacted urea eluted from the column. All the effluent 
collected from a specific test was gathered in a large container. The sample for HPLC 
analysis was taken from the container after the effluent been well mixed. The 
conversion factor could be calculated once the urea concentration of the effluent was 
determined. 
 𝑐𝑜𝑛𝑣𝑒𝑟𝑠𝑖𝑜𝑛 𝑓𝑎𝑐𝑡𝑜𝑟 =
𝑉𝑒𝑓𝑓𝑙𝑢𝑒𝑛𝑡×𝐶𝑢𝑟𝑒𝑎 𝑖𝑛 𝑒𝑓𝑓𝑙𝑢𝑒𝑛𝑡
𝑉𝑖𝑛𝑗𝑒𝑐𝑡𝑒𝑑×𝐶𝑢𝑟𝑒𝑎 𝑝𝑟𝑒𝑝𝑎𝑟𝑒𝑑
 ··················· (4.3) 
Where: 
𝑉𝑒𝑓𝑓𝑙𝑢𝑒𝑛𝑡: Total volume of the collected effluent 
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𝐶𝑢𝑟𝑒𝑎 𝑖𝑛 𝑒𝑓𝑓𝑙𝑢𝑒𝑛𝑡: Urea concentration in the effluent  
𝑉𝑖𝑛𝑗𝑒𝑐𝑡𝑒𝑑: Total volume of the injected urea slug 
𝐶𝑢𝑟𝑒𝑎 𝑝𝑟𝑒𝑝𝑎𝑟𝑒𝑑: The original urea concentration before the injection 
4.4 Results and Discussion  
4.4.1 Urea Hydrolysis Kinetics 
The urea hydrolysis reaction was reported previously to be a first order reaction[105], 
for which the reaction rate  can be  expressed as, 
 
𝑑𝐶
𝑑𝑡
= 𝑘𝐶 ·········································· (4.4) 
Where,  
C, the urea concentration, M 
t, reaction time, min 
k, the reaction rate constant, min-1 
After integration 
 𝑘𝑡 = 𝑙𝑛(𝐶0) − ln (𝐶𝑡) ·································· (4.5) 
Therefore, from results of HPLC analysis of post reacted samples, net urea 
concentration change over time at fixed temperature could be used to calculate the 
corresponding reaction rate constant by plotting ln(𝐶𝑡)  versus time, t.  Additional 
reaction rate constants were determined at various temperatures.  Based on the 
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Arrhenius theory, the temperature dependence of the rate constant can be simply 
described as, 
 𝑘 = 𝐴𝑒𝐸𝑎/(𝑅𝑇) ······································ (4.6) 
Where  
T, the absolute temperature, K 
A, the pre-exponential factor, min-1 
𝐸𝑎, the activation energy for the reaction, kJ/mol 
R, the universal gas constant, kJ/mol·K 
 
Figure 4-1 Temperature dependence of the rate constant for Urea hydrolysis 
 
Figure 4-1 shows the reaction rate constant temperature dependence for urea hydrolysis 
in both the absence and the presence of the NaOH catalyst.  Urea was hydrolyzed 
without catalyst at temperatures from 80 to 120 ℃ and with 1 wt. % NaOH (catalyst) at 
temperatures from 70 to 90 ℃. For urea hydrolysis without catalyst, the pre-exponential 
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factor and the activation energy for the reaction were calculated to be 94.26 𝑘𝐽/𝑚𝑜𝑙 
and 1.7 × 109 𝑚𝑖𝑛−1  graphically.  When 1 wt. % NaOH was added, the pre-
exponential factor and the activation energy for the reaction of the hydrolysis were  
86.84 𝑘𝐽/𝑚𝑜𝑙  and 3.3 × 108 𝑚𝑖𝑛−1 , respectively. Therefore, these reveal that 1: 
hydrolysis of urea could proceed in several hours to few days at temperature > 70 ℃ 2: 
Addition of basic solution (1 wt.% NaOH) could drastically enhance the urea 
decomposition rate. Previous researchers[70, 72, 74, 75, 77, 80, 81, 105, 106] drew 
similar conclusions on the efficacy of NaOH. 
4.4.2 Flow through Tests Data Interpretation and Conditions 
Properties of in situ CO2 generation formulations were further evaluated for their   
potential in field implementation of tertiary recovery. The regular tertiary recovery 
factor (Etr) was monitored and applied as an efficiency indicator for the process. 
 𝐸𝑡𝑟 =
𝑉𝐼𝑛 𝑆𝑖𝑡𝑢 𝐶𝑂2 𝐺𝑒𝑛𝑒𝑟𝑎𝑡𝑖𝑜𝑛 𝑝𝑟𝑜𝑑𝑢𝑐𝑒𝑑 𝑜𝑖𝑙
𝑉𝐷𝑟𝑦 𝑝𝑎𝑐𝑘𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒−𝑉𝐵𝑟𝑖𝑛𝑒 𝑓𝑙𝑜𝑜𝑑𝑖𝑛𝑔 𝑝𝑟𝑜𝑑𝑢𝑐𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒 
× 100% ········ (4.7) 
During the flow through experiments, the most crucial operation parameters, such as 
sand pack inlet pressure, outlet pressure, and oven temperature, were recorded 
automatically per 1-minute time interval. In addition, the volume of total gas generated 
was simultaneously quantified, with an in-house built gas collector near the column 
outlet, operated at ambient conditions. The varying oil saturation (So) during flooding 
was plotted against the PV injected. 
 𝑆𝑜 =
𝑉𝐷𝑟𝑦 𝑝𝑎𝑐𝑘𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒−𝑉𝑃𝑟𝑜𝑑𝑢𝑐𝑒𝑑 𝑜𝑖𝑙 𝑣𝑜𝑙𝑢𝑚𝑒 
𝑉𝑃𝑜𝑟𝑒 𝑣𝑜𝑙𝑢𝑚𝑒
× 100% ················ (4.8) 
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A total of 11 sand pack flooding tests were conducted. The detailed experiment 
conditions are summarized in Table 4-2. Different variations of tests were aimed to 
address the impacts of injection strategy, flow rate, urea concentrations and elevated 
divalent ion concentration. The main goal was to assess the key parameters affecting the 
economic and physical feasibility of this in situ CO2 generation EOR system for field 
implementation. Oil saturation versus injected pore volume plots were used to analyze 
the performance of individual experiments. Variations of injection strategies introduced 
different Damköhler numbers for each experiment. The following equation could 
calculate the Damköhler numbers: 
 𝐷𝑎 = 𝑘𝐶0
𝑛−1𝜏 ······································ (4.9) 
Where: 
k, the reaction rate constant, min-1 
𝐶0, the initial urea concentration, M 
n, the reaction order 
𝜏, the mean residence time, min 
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Table 4-2 Experiment Conditions 
  
Gas 
generating 
agent 
Concentrati
on, % 
Flow 
rate, 
mL/mi
n 
Residual 
oil 
saturatio
n after 
water 
flooding 
Porosity, 
% 
Permeability
, mD 
Injection 
strategy 
Damköhl
er 
numbers 
Test 1 
Urea 1 
wt.%sea 
water  
0.3 48.0% 33.9% 3876.9 
1+1 PV 
Shut-in 
2.35 
Test 2 
Urea 2.5 
wt.%sea 
water  
0.3 45.4% 33.7% 3846.8 
1+1 PV 
Shut-in 
2.35 
Test 3 
Urea 5 
wt.%sea 
water  
0.3 42.7% 34.2% 3938.8 
1+1 PV 
Shut-in 
2.35 
Test 4 
Urea 10 
wt.%sea 
water  
0.3 47.0% 33.7% 3841.6 
1+1 PV 
Shut-in 
2.35 
Test 5 
Urea 15 
wt.%sea 
water  
0.3 39.1% 33.6% 3824.9 
1+1 PV 
Shut-in 
2.35 
Test 6 
Urea 5 
wt.%sea 
water  
0.03 43.7% 34.1% 3921.1 
1 PV 
flow 
through 
1 PV 
Shut -in 
1.34 
Test 7 
Urea 5 
wt.%sea 
water  
0.03 44.3% 33.8% 3853.2 
2 PV 
Flow 
Through 
0.32 
Test 8 
Urea 10 
wt.%sea 
water  
0.03 42.7% 34.3% 3962.5 
1 PV 
flow 
through 
1 PV 
Shut -in 
1.34 
Test 9 
Urea 10 
wt.%sea 
water  
0.03 50.1% 34.0% 3907.5 
2 PV 
Flow 
Through 
0.32 
Test 
10 
Urea 10 
wt.% API 
Brine  
0.3 44.9% 33.3% 3764.2 
1+1 PV 
Shut-in 
2.35 
Test 
11 
Urea 35 
wt.%sea 
water  
0.3 43.1% 34.5% 3995.2 
1+1 PV 
Shut-in 
0.09 
*Note: In all tests, aging time was 60-days, back pressure was 1500 psi, 
temperature was, 120 °C except Test 11 (80 °C) 
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4.4.3 The Suitable Chemical Concentrations 
The injection strategy in this section was designed to find the appropriate chemical 
residence time. After waterflooding to residual oil saturation, 1 PV of urea solution was 
injected into the sand pack. Then the flow was stopped for 72 hours, immediately after 
completing the required chemical injection. Based on the observed urea hydrolysis 
kinetic data discussed above, the half-life of urea at 120 ℃ was equal to 1,290 minutes. 
Thus, a 72-hour hydrolysis time during the shut-in should guarantee that 90% of the 
reactant would have been converted to CO2 and NH3 (aq.). The actual reaction rate was 
not the only limitation to the oil recovery, however; instead it was also controlled by the 
mass transfer resistance of CO2 between different phases. This process was similar to a 
CWI process with an extremely high carbonation level[5] plus some assistance from the 
produced ammonia.  
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Figure 4-2 Oil saturation VS time for different urea concentration injection (Test1-
5) The dashed lines between the dots indicate the injection of the gas generating 
agent slug. 
 
Figure 4-2 shows the concentration effect on the tertiary recovery. Beside concentration 
variations, these five tests were performed similarly at 1500 psi back pressure and 120 ℃ 
with Earlsboro oil, seawater, and identical injection strategy. The purpose of these tests 
is to determine the optimum range of urea concentrations of in-situ CO2 generation 
formulations using this one particular injection strategy.   
From Figure 4-2, there was no apparent oil produced during the injection periods of the 
first or second chemical slugs and or even during the shut-in stages. It is believed that 
since the injection flow rate for these tests was kept at 0.3 mL/min, the active oil 
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production stage was mostly completed in less than one hour. For these tests the 
chemical residence time was much shorter (60-minutes vs. 1290-minutes) than the half-
life at this temperature. Based on the reaction rate, only 3.2% of the urea reacted during 
these test. Under these conditions, simply injecting urea-seawater solutions could not 
promote detectable tertiary recovery due to lack of adequate urea conversion to CO2 and 
NH3.  
In contrast, once the post brine flooding resumed after the 72-hour shut-in period, 
distinct oil elution was observed within 0.2 PV seawater injection. The expected 90% of 
urea hydrolysis released significant amounts of CO2  and ammonia in the aqueous phase 
during the shut-in period. The fresh CO2 spontaneously transferred from the aqueous 
phase to nearby trapped oil droplets due to CO2’s order magnitude of greater oil 
solubility than in water (brine) solubility. Consequently,  as oil swelling occurred, the 
entrapped oil droplets near residual oil saturation could be interconnected and 
eventually displaced out of the pores so that the water flooding after the shut-in showed 
a dramatic oil breakthrough in these tests, in contrast to the lack of tertiary oil produced 
when inadequate reaction time was provided. 
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Figure 4-3 Effect of the gas generating agent concentration on the tertiary 
recovery of each shut-in stage and total tertiary recovery 
 
Figure 4-3 shows the tertiary recovery factors for each stage among the 5 urea 
concentrations used. The increase of total recovery was observed as urea concentrations 
increased. The total tertiary recovery curves reached a plateau beyond 10 wt. % of urea.  
Comparing to the case of 10 wt. % test, further increase of urea levels (15 wt. %) 
showed insignificant changes in the amount of tertiary recovery. The plateau of the 
tertiary recovery may indicate that the amounts of the generated CO2 finally approached 
the solubility limit in both water and oil phases of the system. In the in situ CO2 
generation EOR process, the CO2 molecules would first form in the aqueous phase after 
chemical decomposition. Because of the low chemical potential of CO2 in the oil phase 
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initially, the CO2 molecules would diffuse to the oil phase. Once the CO2 concentrations 
reached CO2 solubility limits in both oil and water, and assuming no gas phase was 
existing at operating temperature and pressure in the system, the migration of CO2 
between phases stopped.  Without further CO2 dissolution in the oil phase, the oil 
swelling behavior reached a limit, leading to a plateau level of potential tertiary 
recovery. Moreover, the chemical decomposition reactions reached equilibrium because 
the whole system reached the limit of CO2 solubilities at test condition. In reality, the 
best system would not reach 100% tertiary recovery by simply increasing the amount of 
the delivered CO2 because of the residual oil saturation under the immiscible 
displacement process using current formulations. Based on these data, if the target is to 
maximize the amount of tertiary recovery, the optimal urea concentration should be 
between 5 wt.% to 10 wt.% as the start of the plateau is close to 8 wt.%. 
From the Figure 4-3, comparing the tertiary recovery between the first and the second 
chemical injection in all cases, the tertiary recoveries from the second PV chemical 
injection were much lower than those of the first injection. The second injection cycles 
in all the tests showed some additional oil removed. Therefore it is reasonable to say 
that injecting only 1 PV of urea was not enough for the system to reach its maximum oil 
swelling in this injection strategy. Among test 1 to test 5, the second injection cycles 
accounted for 29.9%, 23.8%, 19.3%, 11.3% and 13.5% of the total tertiary recovery, 
respectively. Use of a more concentrate chemical slug could provide additional CO2 at 
test conditions; however, the effect of the second injection on the total recovery became 
less dramatic when the original urea concentration was already high. This implies that 
during the first urea slug injection a high urea concentration could generate 
89 
 
considerably more CO2 than in the case of a low concentration slug. After the first 
injection event, the CO2 dissolved in the oil phase reached much closer to the solubility 
limit in high concentration cases. Therefore, the amount of CO2 that could be 
transferred to saturate the oil phase during the second injection event became lesser 
with increase of the chemical concentrations.  
The amount of chemical use (or cost, indirectly) of this technique was also estimated as 
depicted in Figure 4-3. The estimation calculation only used the recovered oil volume 
from the first 1 PV injection because the efficiency of the second 1 PV injection was 
low, except for the 1 wt.% test. Therefore, if the target of the optimization was based on 
the consideration of cost efficiency, a 2.5 wt.% solution would be the optimized 
concentration (34 kg/barrel). The additional investment of this optimal formulation 
would be the combined transportation plus the chemical costs, and the savings of 
shorter project time frame. 
Table 4-3 pH measurement of the aqueous effluent for test 1-5 
Urea 
Concentration, 
wt% 
pH 
0% 6.07 
1% 9.34 
3% 9.63 
5% 9.92 
10% 10.12 
15% 10.13 
35% 10.13 
Table 4-3 shows the pH measurement of the aqueous effluent samples. Zero urea 
concentration samples were collected after the residual water saturation established 
during the brine flooding stage. Different tests showed identical pH reading during the 
brine flooding stage. The urea impacted samples were collected at the 0.5 pore volume 
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injection of the brine after the first shut-in stage in tests 1 to 5. The artificial seawater 
had a pH around neutral. A 1 wt.% urea hydrolysis drove pH of the effluent to 9.3. 
Further increase of the urea in feed solutions did not significantly alter the solution pH. 
The pH of the effluent reached a plateau at urea concentrations greater than 5 wt.%.  
Note that recent studies[33, 35] on use of ammonia EOR applications showed a  similar 
trend of pH readings.  
4.4.4 The Optimized Injection Strategy 
 
Figure 4-4 Oil saturation VS time plot of 5 wt.% Urea injections with different 
injection strategy. The dashed lines between the dots indicate the injection of the 
gas generating agent slug. Cases: 5% Urea 1 PV flow through 1 PV Shut in(Test 
6), 5% Urea 2 PV flow through (Test 7) and 5% Urea 1+1 PV shut-in (Test 3) 
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Figure 4-5 Oil saturation VS time plot of 10 wt.% Urea injections with different 
injection strategy. The dashed lines between the dots indicate the injection of the 
gas generating agent slug. Cases: 10% Urea 1 PV flow through 1 PV Shut in (Test 
8), 10% Urea 2 PV flow through (Test 9) and 10% Urea 1+1 PV shut-in (Test 4) 
 
Figure 4-4 and Figure 4-5 show the effects of different injection strategies on the 
tertiary recovery with two urea levels, 5 wt.% and 10 wt.%, respectively. Among these, 
Tests 3, 4, 6, 7, 8 and 9 used a constant total of 2 pore volume urea slugs by varying 
injection strategies to optimize the operation. Tests 3 and 4 were 1+1 PV shut-in tests. 
The injection sequence was described in the previous section. Tests 7 and 9 were 2 PV 
flow-through tests with no shut-in; however, the flow rate was reduced to 0.03 ml/min 
to allow longer chemical residence time. The chemical residence time was 10 hours at 
this lower flow rate. The first stage was 9 PVs brine flooding before urea injection to 
reach residual oil saturation. Then the tertiary recovery stage was a 2 PVs urea slug with 
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continuous injection followed by brine flooding till the oil cut in the effluent reached 
zero again. In contrast, Tests 6 and 8 were a 1 PV flow through plus a 1 PV shut-in test. 
The flow rate of these test was also 0.03 ml/min. After brine flooding, the first PV of 
the chemical slug was injected and followed by the brine flooding. Once the new 
residual oil saturation was reached, the second PV of the chemical slug was injected and 
followed by a 72 hours shut-in. Then brine flooding resumed after the shut-in. 
By observing the details of the 5 wt.% tests in Figure 4-4, the 1 PV flow through plus 1 
PV shut-in test provided the highest tertiary recovery. The 2 PVs continuous injection 
yielded the lowest tertiary recovery. The only difference between these 0.03 ml/min 
injection rate tests was the chemical residence time.  By adding a shut-in cycle, the 
chemical residence time of the second PV increased from 10 hours to 82 hours. At the 
same temperature, longer residence time allowed a higher urea decomposition level. 
Since these tests were sand pack flooding test, the oil swelling was the dominant factor 
that contributed to the tertiary recovery. Therefore, the test that could thoroughly 
convert the urea to the CO2 reasonably expected to have the best recovery. Because the 
decomposition of the urea was time-dependent at a specific temperature, in the 
continuous flow-through test, the urea decomposition ratio in the porous media was 
low. If the CO2 formed in the preheating coil connected to the inlet of sand pack was 
not enough to fully saturate the aqueous phase, the oil mobilization ability of the 
chemical slug would be limited. After the in situ CO2 EOR treatment, the zone close to 
the sand pack outlet could contribute more to the tertiary recovery. In reservoir 
condition, the residual oil at the near wellbore region would not contribute much to the 
tertiary recovery. The 1+1 PV shut-in test showed a recovery in the middle. Two 1 PV 
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chemical slug had a 73 hours residence time. Unlike the previously discussed two tests, 
the injection rate was 0.3ml/min. The effect of the slight increase of (10 X flow 
increase) capillary number at the higher flow rate was less significant on the recovery in 
this test than the increased reaction time at the lower flow rate.  
In Figure 4-5 and the 10% urea cases, to our surprise, distinctly different recovery 
trends for different injection strategies were observed in the 5 wt.% cases, with the 2 
PVs flow-through of 10% urea showing the best tertiary recovery. The worst 5 wt.% 
case was the 1+1 PV shut-in test. The tested injection strategies and conditions for 10 
wt. % experiments were the same as the 5 wt.% tests. Therefore, the sharp contrasts 
between these two groups of tests are attributed to the urea concentration difference. 
With the same amount of hydrolysis time, a high concentration urea solution could 
generate more CO2. Based on the kinetic measurement of the urea decomposition 
without the catalyst in Figure 4-1, the half-life of the urea at 120 ℃ was 1290 min. 
Within a single half-life period, the 10 wt.% system could reach the maximum CO2 
delivery capability of the 5 wt.% system. From the Figure 4-2, the 10 wt. % chemical 
concentration was at the plateau of the curve. The urea decomposition ratio in these 
tests appeared to be no longer the primary limitation controlling the tertiary recovery.  
In a comparison of the 5 wt.% experiments, the tertiary recovery was likely controlled 
more by sweep efficiency than the amount of delivered CO2 since the 10 wt.% should 
generate CO2 faster than the 5% tests, based on the first order reaction model.  
4.4.5 Impact of High Divalent Ions Level 
The concentrated calcium ions tend to form carbonate precipitates with CO2 under 
reservoir condition[86]. The divalent ions compatibility of the proposed in situ CO2 
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EOR system was reported in previously published work[102] and the tests with mimic 
seawater in this work. In general, the urea solubility was not affected by divalent ions in 
the artificial seawater at room temperature. After the decomposition of the urea in the 
sand pack flooding test, no signs of blockage or formation damage were detected in 
most cases. However, the hardness levels of the sea water were sometimes much lower 
than typical for formation water. Therefore, additional studies of high concentration 
divalent ion compatibility might be necessary. In this work, the gas generating agent 
slug was 10 wt.% urea, 2 wt.% CaCl2 and 8 wt.% NaCl solution, which was the 
example of an API brine condition. Before the flooding test, the urea solution was 
prepared and stabilized for 30 days with daily monitoring to make sure that no 
precipitate formed. For the sand pack flooding test, all the conditions were kept the 
same as previous 1+1 PV shut-in tests except that API brine replaced the mimic sea 
water. 
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Figure 4-6 Oil saturation VS time plot of 10 wt.% Urea with API brine and 10 
wt.% Urea with seawater. Cases: 10% Urea API Brine 1+1PV Shut in (Test 10) 
and 10% Urea 1+1PV Shut in (Test 4) 
 
From Figure 4-6, the first 1 PV injection and shut-in contribute 76.9% of the total 
tertiary recovery (30.5%). Comparing to the 10 wt.% urea seawater tests, the tertiary 
recovery of API brine is relatively low. Because of excessive CO2 consumptions by 
forming carbonate precipitate, the tertiary recovery and the oil recovery contribution 
from the second 1 PV injection of API brine 10 wt.% urea test were close to the 
seawater 2.5 wt.% case (tertiary recovery 24.4%). This result was an indication of the 
consumption of the generated CO2 by the API brine. The 𝐶𝑎++ concentration of API 
test case was 20 X that of the the seawater used in this work. The reactions between 
CO2 and the 𝐶𝑎+2  countered the potential of tertiary recovery strongly. By visual 
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observations of the effluent samples collected after the shut-in step, colloidal calcium 
carbonate precipitate was present in the brine, making the effluent cloudy (turbid). After 
applying 6000 rpm centrifugation for 20 minutes, most carbonate particles 
agglomerated and settled down to the bottom of the centrifuging vial while the 
supernatant became transparent. No larger carbonate crystals were observed in the 
precipitation. Based on the monitoring pressure data of the test, no noticeable blockage 
of the flow line and formation damage was recorded. However, the precipitation 
particles formed on the sand surface or suspended in brine might not have the ability to 
build up and block the relative large pore throats of the high permeability sand pack in 
this study (around 4 Darcy). Elevated divalent ions concentration application of the in 
situ CO2 EOR technique was still questionable without further study of low 
permeability core and any occurrence of formation damage. Based on the collected data 
so far, the in situ CO2 generation system using urea could tolerate divalent ions to a 
certain level (e.g., seawater level). If the divalent ions concentration was too high, it 
would lead to adverse effect of tertiary recovery performance or even formation 
damage. 
4.4.6 Low Temperature  
So far, all the experiments of this work were designed to run at 120 ℃. If the in situ 
CO2 EOR technique was only working in high-temperature condition, its practicability 
could be extremely limited. Proving the ability of in situ CO2 generation EOR by using 
urea at low temperature significantly expands the field of its application. Based on the 
kinetic measurement of the urea decomposition in this work, the process was evaluated 
at 80 ℃ in this section. For the ease of the experiment running, the 35 wt.% gas 
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generating agent concentration was prepared in seawater to speed the reaction rate at 
low temperature. 
 
Figure 4-7 Oil saturation VS time plot of 35 wt.% urea injection at 80℃ and 2.5 
wt.% urea injection at 120℃. Cases: 35% Urea 80℃ 1+1PV Shut in (Test 11) and 
2.5% Urea 1+1PV Shut in (Test 2) 
 
From the Figure 4-7, after two cycles of chemical injection and shut-in treatment, the 
tertiary recovery of this experiment was 31.71%. The second 1 PV injection and shut-in 
produced 26.68% oil of the total tertiary recovery. The characteristic of the oil 
breakthrough on the Figure 4-7 was similar to all the 1+1 PV shut-in tests at 
120℃.Based on the urea hydrolysis kinetic measurement, 8% of the urea in 35 wt.% 
solution could be hydrolyzed after 73 hours heating, which was corresponding to 3 wt.% 
urea solutions hydrolyzed completely. Therefore, the result from 2.5 wt.% 1+1 PV shut-
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in at 120 ℃ experiment was the most comparable test in this case, since the 90% of the 
urea in the 2.5 wt.% solution was hydrolyzed in test 2. The 80℃ test generated slightly 
more CO2 than the 2.5 wt.% 120℃ test. Therefore, it was reasonable to see the tertiary 
recovery of the 80℃ test was between the 2.5 wt.% and 5 wt.% tests at 120℃. Despite 
the temperature effect on the fluid property, the 35 wt.% 80℃ test was almost identical 
to a 3 wt.% 120℃ test. The amount of the generated CO2 dramatically controlled the 
tertiary recovery. The 35 wt.% urea 120℃ sand pack flooding test could be found in 
details at one of our previous work[102].  
4.5 Summary  
Table 4-4 Tertiary Recovery Summary 
 
 
Table 4-4 summarizes the performance of all the tested scenarios. It is clear to see that 
the divalent ions concentration adversely affected the tertiary recovery. Unless the urea 
concentration was very low, e.g. 1 wt.%, the second PV of urea injection did not 
contribute much to the final tertiary recovery. 
Test 1 Test 2 Test 3 Test 4 Test 5 Test 6 Test 7 Test 8 Test 9 Test 10 Test 11
Total Tertiary 
Recovery 
11.0% 24.4% 38.3% 48.3% 50.0% 44.3% 35.7% 56.8% 60.0% 30.6% 31.7%
First PV Tertiary 
Recovery 
7.7% 18.6% 30.9% 42.8% 43.2% 39.3% \ 50.6% \ 23.5% 23.2%
Second PV 
Tertiary 
Recovery 
3.3% 5.8% 7.4% 5.5% 6.8% 5.0% \ 6.2% \ 7.1% 8.5%
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Figure 4-8 Conversion factor of all the tests. 
 
Figure 4-8 shows all the data from the collected effluent urea concentration via HPLC 
analyses. Same injection strategy showed similar conversion factor for all 
concentrations. Among the 120℃ tests, the 1+1 PV shut-in injection had the highest 
conversion factor. The conversion factor of the 2 PV flow-through tests was only half 
the conversion factor of the highest strategy. It could be attributed to the chemical 
residence time difference. The 80℃ test showed a low conversion factor. The mass 
balance analysis coincided with the urea hydrolysis kinetic measurement. At low-
temperature reservoir conditions, the potential of increasing the conversion factor was 
only a matter of time, such as the use of longer soaking time. 
4.6 Conclusion  
The experiments reported in this study support the following conclusions: 
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1. The measured urea hydrolysis kinetic data can be used for in situ CO2 
generation prediction and process design. 
2. NaOH could be used to increase the reaction rate of the urea hydrolysis. 
3. Unlike miscible CO2 flooding, the tertiary recovery ability of the in situ CO2 
generation was limited because of its immiscible flooding nature. With 
increasing urea concentration, the efficiency of the chemical reaches a plateau 
and then begins decreasing. There was an optimum concentration and injection 
strategy for a specific test condition. 
4. The proposed system could provide significant tertiary recovery even in the 
presence of divalent ions.  
5. If the divalent ions concentration was too high, the performance of the in situ 
CO2 EOR would be adversely affected. 
6. Low reservoir temperature is not a barrier for the in situ CO2 EOR process if the 
chemical residence time could be manipulated to allow for adequate CO2 
generation. 
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Chapter 5: Conclusions and Recommendations 
From chapter 2, it can be concluded that ammonium carbamate can be used as the gas 
generating agent for the EOR purpose. The tertiary recovery of ammonium carbamate 
involved ICE process is significant compared with the published CWI and ICE system. 
This ICE process can work at a wide range of pressure(0 to 4000 psig) and 
temperature(96 to 133℃). Running experiment above the minimum miscibility pressure 
is not a critical criterion to receive a notable tertiary recovery. The ICE process only 
involves immiscible flooding. Unlike the CO2 flooding, instead of producing lighter 
components in the crude oil, ICE process produces heavier components of the crude oil.  
From chapter 3, after multiple sand pack flooding tests, the effectiveness of the urea as 
a gas generating agent in the ICE process is proved. Concentrated urea solution 
injection showed similar recovery as the concentrated ammonium carbamate solution. 
Under the same condition, ICE has better performance for lighter oil test than heavier 
oil. The tertiary recovery mechanism of the urea solution injection is the same as the 
ammonium carbamate solution.Urea solution can tolerate the cation concentration in the 
seawater. After the urea solution PVT test, it can be concluded that no separate CO2 gas 
phase is forming during the ICE process. 
From chapter 4, after the study on the urea hydrolysis reaction kinetics, the measured 
reaction rate can be used to design the chemical residence time. The reaction rate is 
higher than the base case with the adding of the NaOH as a catalyst. From the 
optimization of the chemical concentration, the urea consumption for barrel addition oil 
production can be as low as 34 kg. From the pH and mass balance analysis of the 
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effluent, the tertiary is strongly controlled by the generated CO2 volume. Urea ICE can 
tolerate the divalent cations concentration in API brine. The reaction rate is enough for 
tertiary recovery at 80 ℃. 
The proposed ICE method revealed advantages against the traditional CO2 EOR in this 
work. However, this work is only the initial study of this technique. The mechanisms 
and the applications of this technique have not been fully explored. If the research of 
ICE continues in the future, the full understanding of the whole system phase behavior 
is the priority work. Not like the phase behavior test for CWI, other than the oil, gas, 
and water the ICE phase behavior test should include the gas generating agent in the 
aqueous phase to explore the effect of water consumption during the chemical 
hydrolysis and the CO2 solubility change from the dissolved chemical. Some 
corrections to the current phase behavior modeling tool are necessary after the phase 
behavior, and chemical kinetics mechanisms of the ICE are fully understood. Regarding 
the modeling work, the chemical reaction needs to be added to the current available 
CWI simulation to take the water consumption during the ICE process into account. The 
catalyst for urea hydrolysis is also important to expand the operating envelope to low-
temperature reservoirs. 
The new application of ICE EOR for other types of reservoirs would be possible. Not 
like traditional CO2 flooding, no high concentration of carbonic acid is forming in the 
aqueous phase during the ICE process. Therefore, the tertiary recovery benefit of CO2 
could be applied to the carbonate reservoir without calcium carbonate precipitation near 
the production well. For liquid-rich shale reservoir EOR, the CO2 bypassing issue of the 
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current CO2 cyclic procedure is not happening in the ICE process. The shale matrix can 
be exposed to the CO2 for a longer time. The ICE could be a promising solution for the 
liquid-rich shale EOR. It could be incorporated into the refracturing operation of the 
shale reservoir production. With enough amount of shut-in time, a significant amount of 
CO2 could be generated to benefit the oil production and fracturing fluid flow back. 
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Appendix A: Representative Data 
Table A.1 Chapter 2 test 11 
 
Time Inlet Pressure, psi Back Pressure, psi Temperature,℃ Time Inlet Pressure, psi Back Pressure, psi Temperature,℃
4/3/2016 16:09 1323.9 1322.3 121.8 42466.67021 1319 1319.9 121.2
4/3/2016 17:29 1324.6 1321.9 121.4 4/6/2016 17:25 1328.1 1323.1 122.4
4/3/2016 18:48 1320.5 1319.1 121.9 4/6/2016 18:45 1323.5 1324.1 121.4
4/3/16 20:08 1321.5 1316.8 120.3 4/6/2016 20:03 1319.6 1316.3 123.1
4/3/16 21:28 1319.8 1315.4 120.4 4/6/2016 21:23 1309.7 1296.7 123.1
4/3/16 22:48 1311.1 1306.3 121.3 4/6/2016 22:43 1312.9 1306.9 122.4
4/4/16 0:08 1310.3 1305.4 121.4 4/7/2016 0:03 1315.8 1307.6 121.5
4/4/16 1:28 1302.3 1301.1 121.6 4/7/2016 1:23 1311.5 1313.1 121.8
4/4/16 2:48 1295.6 1292.7 120.4 4/7/2016 2:43 1304 1308.6 122.5
4/4/16 4:08 1299.6 1297 121.8 4/7/2016 4:03 1315 1313.5 122.1
4/4/16 5:28 1300.4 1296.1 121.8 4/7/2016 5:23 1322 1307.8 122.5
4/4/16 6:48 1302.8 1299.1 121.6 4/7/2016 6:43 1315.4 1310.5 121.6
4/4/16 8:08 1299.7 1297.9 121.6 4/7/2016 8:03 1320.9 1315.2 123
4/4/16 9:28 1303.3 1299.3 121.3 4/7/2016 9:23 1305.7 1290.8 122.6
4/4/16 10:48 1289.4 1284.7 122.1 4/7/2016 10:41 1321.7 1284.3 122.9
4/4/16 12:08 1299.3 1297.9 121.9 4/7/2016 12:01 1290.4 1307.3 122.1
4/4/16 13:28 1304.8 1301.8 122.3 4/7/2016 13:21 1259.6 1266.1 122.7
4/4/16 14:48 1302.4 1297.4 121.8 4/7/2016 14:41 1187.5 1205.1 122.7
4/4/16 16:08 1305.9 1304.3 121.7 4/7/2016 16:01 1154.6 1161.9 121.6
4/4/16 17:28 1304.3 1300.4 119.9 4/7/2016 17:21 1115.3 1102.3 122.8
4/4/16 18:48 1311.5 1306.9 121.7 4/7/2016 18:41 1101.1 1108.5 122.6
4/4/16 20:08 1311.9 1308.8 120.7 4/7/2016 20:01 1064.3 1033.9 123.5
4/4/16 21:26 1281.9 1278.2 121.3 4/7/2016 21:21 1047.2 1033.3 121.8
4/4/16 22:46 1296.2 1297.2 121.3 4/7/2016 22:41 992.9 972.9 123.2
4/5/16 0:06 1294.5 1289.7 121.1 4/8/2016 0:01 998.4 963.9 121.7
4/5/16 1:26 1299.9 1299.5 121.5 4/8/2016 1:21 957.1 963.4 122.3
4/5/16 2:46 1300.3 1312.6 121.8 4/8/2016 2:41 918.9 926.1 123.4
4/5/16 4:06 1313.4 1317.9 122.2 4/8/2016 4:01 905.2 904.4 122.9
4/5/16 5:26 1294.1 1283.9 122.1 4/8/2016 5:21 902.4 910.4 123
4/5/16 6:46 1309 1298.8 121.9 4/8/2016 6:41 892.4 895.8 122.2
4/5/16 8:06 1301.5 1314.7 122 4/8/2016 8:01 879.5 870.7 122.1
4/5/16 9:25 1313.4 1289.2 122.1 4/8/2016 9:21 862.8 858.6 122.2
4/5/16 10:45 1306 1283.4 122.8 4/8/2016 10:41 847 850.8 122.9
4/5/16 12:05 1306.8 1294.1 122.4 4/8/2016 11:58 1104.8 1143.8 123.2
4/5/16 13:25 1295.5 1285.8 122.8 4/8/2016 13:18 1330.2 1319.4 122.4
4/5/16 14:45 1304.4 1286.9 123.2 4/8/2016 14:38 1300.5 1294.6 124.2
4/5/16 16:05 1293.8 1296 123.1 4/8/2016 15:58 1317.4 1311.6 123.2
4/5/16 17:25 1325.9 1321.1 121.3 4/8/2016 17:17 1325.2 1314.4 121.7
4/5/16 18:45 1336.5 1310.8 122.1 4/8/2016 18:37 1313.4 1306 121.5
4/5/16 20:05 1334.8 1310.5 123 4/8/2016 19:57 1311.6 1305 122.9
4/5/16 21:25 1322.7 1321.8 123.1 4/8/2016 21:17 1310.5 1313.1 122
4/5/16 22:45 1324.9 1322.8 122.7 4/8/2016 22:37 1330.5 1326.4 122.4
4/6/16 0:05 1316.4 1315.3 123.2 4/8/2016 23:57 1328.1 1327.2 122.5
4/6/16 1:25 1313.4 1314 122.7 4/9/2016 1:17 1330.1 1324.3 122.3
4/6/16 2:45 1323.9 1322.4 123.1 4/9/2016 2:37 1325.5 1325.7 123.3
4/6/16 4:05 1324.8 1313.1 122.7 4/9/2016 3:57 1325.7 1325.4 122.6
4/6/16 5:25 1285.4 1279.7 122 4/9/2016 5:17 1326.7 1324.9 122.9
4/6/16 6:45 1295.7 1297.2 122.8 4/9/2016 6:37 1298.7 1309 123.6
4/6/16 8:05 1305.6 1298.2 122 4/9/2016 7:57 1299.8 1296.5 123.1
4/6/16 9:25 1285.8 1279.2 122.9 4/9/2016 9:17 1305.6 1295.9 122.3
4/6/16 10:45 1288 1286.6 122.8 4/9/2016 10:37 1205.3 1247.9 122.6
4/6/16 12:05 1304 1322 122.7 4/9/2016 11:57 283.2 1245.9 122.4
4/6/16 13:25 1325.3 1318.5 122.6 4/9/2016 13:17 211 1246.2 122
4/6/16 14:45 1307.2 1307.7 122.5 4/9/2016 14:37 170 1246.7 121.4
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Table A. 2 Chapter 3 test 3 
 
 
Time Inlet Pressure, psi Back Pressure, psi Temperature,℃ Time Inlet Pressure, psi Back Pressure, psi Temperature,℃
9/4/2016 22:27 7.3 9.1 24.1 9/8/2016 17:58 4012.2 4013.7 120.6
9/4/2016 22:29 340.2 747.2 24.1 9/8/2016 19:38 4009.5 4009 120.3
9/4/2016 22:38 3589.7 3591.8 50.5 9/8/2016 21:18 4012.3 4011.4 121.1
9/5/16 0:00 4029 4031.8 122.5 9/8/2016 22:58 4011.1 4012.6 120.2
9/5/16 1:40 4028 4026.7 121.6 9/9/2016 0:38 4011.5 4011.4 121.6
9/5/16 3:20 4013.8 4013.4 120.9 9/9/2016 2:18 4011.1 4012.7 121.4
9/5/16 5:00 4029.4 4028.7 121.7 9/9/2016 3:58 4006.3 4006.8 122.1
9/5/16 6:40 4026.3 4026 122.5 9/9/2016 5:38 3994 4001.1 122
9/5/16 8:20 4024.2 4028.4 122.1 9/9/2016 7:18 3999.8 3997.4 122.2
9/5/16 10:00 4012 4012.2 120.2 9/9/2016 8:58 4015.3 3995.1 120.5
9/5/16 11:40 4007.7 4009.1 121.2 9/9/2016 10:38 4018.4 4010.4 122.1
9/5/16 13:20 4010.8 4011 121.8 9/9/2016 12:18 4012.5 4011 120.8
9/5/16 15:00 4022.5 4021.8 122.4 9/9/2016 13:58 4016.6 4015.6 120.4
9/5/16 16:40 4025 4026.6 121.5 9/9/2016 15:38 4015.8 4016.1 120.1
9/5/16 18:20 4022.8 4021 121.4 9/9/2016 17:18 4014.6 4012.3 121.8
9/5/16 20:00 4007.8 4007 122.7 9/9/2016 18:58 4002.9 4002.8 121.5
9/5/16 21:40 4023.4 4015.5 122.5 9/9/2016 20:38 3917.5 3930.1 121.1
9/5/16 23:20 3862.5 3857.8 122.3 9/9/2016 22:18 3851.3 3831.4 122.1
9/6/16 1:00 4021.1 4022.9 122.3 9/9/2016 23:58 3772.1 3766.2 122.2
9/6/16 2:40 4018.9 4018.2 121.6 9/10/2016 1:38 3683.6 3661.5 121.6
9/6/16 4:20 4002.7 4001.5 122.1 9/10/2016 3:18 3602.4 3583.6 121.8
9/6/16 6:00 4024.4 4019.4 120.6 9/10/2016 4:58 3532.3 3538.6 120.6
9/6/16 7:40 4018.4 4017.9 121.9 9/10/2016 6:38 3536.1 3522.8 121.6
9/6/16 9:20 4001.2 4003.3 120.5 9/10/2016 8:18 3487.2 3467.7 121.3
9/6/16 11:00 3986.6 3985 122.9 9/10/2016 9:58 3448.5 3432.4 121.3
9/6/16 12:40 4018.8 4018 121.9 9/10/2016 11:38 3398.7 3373.4 122.1
9/6/16 14:20 4022.3 4019 122.2 9/10/2016 13:18 3343.3 3357.9 120.2
9/6/16 16:00 3998 3997.4 121.8 9/10/2016 14:58 3336.9 3362.5 122
9/6/16 17:40 3908.4 3908.4 121.2 9/10/2016 16:38 3340.2 3335.1 121.6
9/6/16 19:20 4016.7 4002.5 120.5 9/10/2016 18:18 3924.5 3942.6 121.3
9/6/16 21:00 3996.9 3992.5 120.6 9/10/2016 19:58 4028.7 4019.3 121.6
9/6/16 22:40 3982.8 3981.1 121 9/10/2016 21:38 4015.7 4015 121.2
9/7/16 0:20 4015 4014.2 121.2 9/10/2016 23:18 4035.8 4034.5 121.4
9/7/16 2:00 4012.7 4011.9 120.2 9/11/2016 0:58 4029.1 4035.1 122.2
9/7/16 3:40 4011 4008.4 121.3 9/11/2016 2:38 4035.7 4035.1 121.3
9/7/16 5:20 4018 4017.2 121.2 9/11/2016 4:18 4035.7 4030.5 121.8
9/7/16 7:00 3983.3 3985.1 120.4 9/11/2016 5:58 4037.9 4036.7 120.7
9/7/16 8:40 4005.9 4004.8 121.1 9/11/2016 7:38 4039.5 4039.4 121.3
9/7/16 10:20 4014.4 4013.3 120.4 9/11/2016 9:18 4040.5 4039.6 122.6
9/7/16 12:00 4021.3 4020.8 121.7 9/11/2016 10:58 4029.5 4028.9 122.4
9/7/16 13:40 3953.3 3951.8 120 9/11/2016 12:38 4034.8 4032.3 122.7
9/7/16 15:20 4007.7 4007.4 121.5 9/11/2016 14:18 4036.7 4036.9 121.5
9/7/16 17:00 3978.1 3977.9 122.1 9/11/2016 15:58 4034.1 4033.6 121.6
9/7/16 18:40 4003.9 4006 121.6 9/11/2016 17:38 4030.7 4030.7 122.5
9/7/16 20:20 4011.5 4011.6 120.6 9/11/2016 19:18 4018 4019.4 121.4
9/7/16 22:00 4008.9 4005.5 120.3 9/11/2016 20:58 4024 4019.4 121.9
9/7/16 23:40 4013.3 4012.9 122.5 9/11/2016 22:38 4032.6 4031.3 122.8
9/8/16 1:20 4015.2 4014.5 122.1 9/12/2016 0:18 4030.9 4029.2 122.7
9/8/16 3:00 4011.4 4010.4 120.4 9/12/2016 1:58 4031.7 4031.2 122.6
9/8/16 4:40 4013.3 4012.6 120.4 9/12/2016 3:38 4032 4031.3 122.8
9/8/16 6:20 4011.7 4011.5 120.2 9/12/2016 5:18 4029.9 4029.9 122.5
9/8/16 8:00 4015.2 4014.3 120.4 9/12/2016 6:58 4030 4029.4 122.9
9/8/16 9:40 4013.5 4012.7 121.8 9/12/2016 8:38 4028.6 4030.4 120.6
9/8/16 11:18 4012.5 4011.1 121.9 9/12/2016 10:18 4030.5 4030.1 122
42621.54095 4014.6 4014.2 121.9 9/12/2016 11:58 4032.9 4031.8 122.6
9/8/2016 14:38 4005.4 4007.7 120.4 9/12/2016 13:38 4028.4 4027.2 121.9
9/8/2016 16:18 4011.7 4010 121.9 9/12/2016 15:18 3444.2 3430.2 25
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Table A. 3 Chapter 4 test 4 
 
Time Inlet Pressure, psi Back Pressure, psi Temperature,℃ Time Inlet Pressure, psi Back Pressure, psi Temperature,℃
4/18/17 15:33 1.5 0.8 24.4 4/22/17 4:31 1460.9 714.9 118.6
4/18/17 17:11 1549.4 1549.2 118.4 4/22/17 6:11 1445.6 716.2 120.1
4/18/17 18:51 1539.6 1538.1 119.4 4/22/17 7:51 1439.4 720.9 117.7
4/18/17 20:31 1577 1575.5 119.1 4/22/17 9:31 1445.3 718.5 120.2
4/18/17 22:11 1305.7 1304.2 117.1 4/22/17 11:11 1441.9 715.8 119.1
4/18/17 23:51 1264.2 1262.9 118.7 4/22/17 12:51 1477.1 1530.5 119.5
4/19/17 1:31 1313.7 1311.1 118.1 4/22/17 14:31 1433.7 1491.7 119.4
4/19/17 3:11 1506 1504.5 119.6 4/22/17 16:11 1556.8 1555.8 117.5
4/19/17 4:51 1503.6 1502.1 117.9 4/22/17 17:51 1479.2 1477.9 119.7
4/19/17 6:31 1263.7 1262.3 118.7 4/22/17 19:31 1434.5 1433 119.7
4/19/17 8:11 1510 1508.4 119 4/22/17 21:11 1514.6 897.8 117.3
4/19/17 9:51 1486.4 1484.8 117.7 4/22/17 22:51 1508.6 910.2 120
4/19/17 11:31 1555.2 1553.8 119.4 4/23/17 0:31 1504.7 897.2 119.9
4/19/17 13:11 1555.8 1554.5 119.6 4/23/17 2:11 1485.4 887.2 120.2
4/19/17 14:51 1541.7 1001.8 118.5 4/23/17 3:51 1481.5 904.4 120.6
4/19/17 16:31 1541.5 1006.1 117.6 4/23/17 5:31 1479.5 917.1 120.5
4/19/17 18:11 1549.1 1006.4 119.9 4/23/17 7:11 1467.8 905.1 118.2
4/19/17 19:51 1544 986 119.2 4/23/17 8:51 1445.9 890 118.4
4/19/17 21:31 1528.1 971.8 118.1 4/23/17 10:31 1443 925.2 120.2
4/19/17 23:11 1536.3 968.6 119.8 4/23/17 12:11 1439.7 926.2 117.7
4/20/17 0:51 1517.7 956.9 117.2 4/23/17 13:51 1434.1 905.9 120.4
4/20/17 2:31 1513.4 955.6 118.8 4/23/17 15:31 1440.3 944.9 117.5
4/20/17 4:11 1504.4 944 118.3 4/23/17 17:11 1436.7 946.8 119.1
4/20/17 5:51 1512.1 938.7 117.7 4/23/17 18:51 1430.5 928.2 120.1
4/20/17 7:31 1507.3 937.8 120 4/23/17 20:31 1436.6 950.2 120.2
4/20/17 9:11 1501.5 944.9 120.4 4/23/17 22:11 1422 953.3 119.8
4/20/17 10:51 1492.1 946.2 117.4 4/23/17 23:51 1426.6 935.8 120.8
4/20/17 12:31 1490.4 909 119.4 4/24/17 1:31 1406.4 911.2 120.5
4/20/17 14:11 1471.6 893.7 118 4/24/17 3:11 1402.6 932 120.8
4/20/17 15:51 1470.6 905.8 117.3 4/24/17 4:51 1395.1 937.3 120.5
4/20/17 17:31 1469.5 906.7 119.6 4/24/17 6:31 1402.5 926.9 118.6
4/20/17 19:11 1450.5 898.7 118.2 4/24/17 8:11 1396.9 921.6 117.6
4/20/17 20:51 1451.4 882.4 119 4/24/17 9:51 1511 934.8 120.3
4/20/17 22:31 1432.4 864.7 117.7 4/24/17 11:31 1513.2 955 120.4
4/21/17 0:11 1437.9 856.6 119.9 4/24/17 13:11 1522.9 941.5 120.4
4/21/17 1:51 1422.5 847.7 119.6 4/24/17 14:51 1531.9 961.4 117.8
4/21/17 3:31 1414.8 831.7 118.1 4/24/17 16:31 1533.4 989.7 118.4
4/21/17 5:11 1422.2 823.3 119 4/24/17 18:11 1540.7 991 120.6
4/21/17 6:51 1402.5 809.7 117.9 4/24/17 19:51 1553.1 1017 119.5
4/21/17 8:31 1382.4 784.3 117.6 4/24/17 21:31 1547.6 988.6 120.5
4/21/17 10:11 1376.6 763.3 119.3 4/24/17 23:11 1558.7 1010.2 117.9
4/21/17 11:51 1217.1 775.2 82.7 4/25/17 0:51 1556.8 992.3 118.6
4/21/17 13:31 1355.2 796.1 120 4/25/17 2:31 1542.6 978.3 120.3
4/21/17 15:11 1352.3 780.7 119.5 4/25/17 4:11 1553.5 1000.2 118
4/21/17 16:51 1532.8 779.9 119.2 4/25/17 5:51 1549.6 994.8 118.3
4/21/17 18:31 1520.2 766 119.3 4/25/17 7:31 1552.9 1007.3 117.3
4/21/17 20:11 1519.1 742.4 118.4 4/25/17 9:11 1536.2 1005.1 120.3
4/21/17 21:51 1502.7 724.4 118.8 4/25/17 10:51 1293.4 1292.4 117.5
4/21/17 23:31 1488.1 724.2 118 4/25/17 12:31 1570.6 1569.2 119.2
4/22/17 1:11 1472.6 717.9 118.9 4/25/17 14:11 1299.5 1297.9 61.3
4/22/17 2:51 1471.6 716.5 118.8
